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1. Executive Summary
Energy Narrative has been engaged to complete a desk study of the options, cost, economics, impacts, and key considerations of transporting and utilizing natural gas from
offshore Guyana for the generation of electricity. The primary objective of the study is
to determine if offshore natural gas can be used to reduce electricity costs in Guyana.
This primary objective is addressed through three broad sub-questions:
• What are the associated technical and operational challenges of using the natural
gas?
• What are the associated costs and benefits of producing electricity with natural
gas?
• What is the long-term strategic fit between natural gas and renewable energy development?
The analysis to answer these three sub-questions was divided into twelve components,
each of which is addressed in this Final Report.

1.1. Technical and operational challenges
Analysis of alternative transportation media shows that a natural gas pipeline is the
preferred transportation technology from offshore to Guyana given the high capital
costs and higher technical risk of floating LNG and seaborne CNG. However, smallscale onshore LNG and CNG may be viable options to distribute natural gas to isolated
demand centers once it is landed in Guyana.
More data is needed to assess offshore pipeline technical risks, but process to do so is
well established. Data maturity is low, making only a general interpretation of potential risks possible. Technical challenges include
• Pipeline technical risks are likely to increase as data maturity increases,
•

the small size of the pipeline may present unforeseen design, manufacturing and
installation challenges,

•

the water depth of the pipeline may complicate the pipeline’s deployment and
operations, and

•

the lack of natural gas storage presents continuity problems which may find their
way back to the oil production and gas re-injection wells and facilities. An evaluation of the relevant benefits of the smaller and larger pipeline in the context of
natural gas storage should be made.

Ownership, commercial structure, and regulation of the natural gas pipeline are
also important strategic decisions. A public-private partnership (PPP) could be a useful option to balance the finance, construction, operational, environmental, social, and
competitive complexities of the project. Further analysis is needed to identify potential
PPP options and suitable commercial and regulatory structures for the offshore pipeline.
The assessment of the natural gas composition shows that natural gas liquids (mainly
propane and butane) account for 12.3% of the natural gas produced. Separating these
liquids from the 30 MMcfd of natural gas supply would provide nearly 890,000
barrels per year of LPG, more than four times Guyana’s current LPG consumption.
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This abundant supply could open new opportunities to promote LPG use for transportation, home cooking and water heating, or as a chemical feedstock for new industries.
After removing the LPG, 26.3 MMcfd of dry gas would be available for electricity generation and other uses. The assessment of natural gas demand for electricity generation
suggests that natural gas demand for electricity generation will reach 26.3 MMcfd
by 2023, a year after the natural gas is first available, if the majority of current and all
new planned power plants are natural gas fired. The specific timing of investment in
natural gas demand (power plant conversions and new power plant additions) should be
carefully coordinated with decisions affecting available natural gas supply. This assessment did not include the potential effects of faster economic growth or investment in
new energy intensive industries that may result from the availability of natural gas.
In this initial inspection, it was determined that converting existing generation units
to use natural gas as dual fuel generators would minimize initial capital costs, take
advantage of their strategic locations across the current transmission system, and potentially eliminate the need for natural gas storage at the generation sites. Natural gas storage may be advantageous to better match natural gas supply with the electricity load
shape, but further detail on Guyana’s load shape is required for this more detailed analysis.
New natural gas-fired generation capacity should also be dual fuel. A new power
plant should be located at the natural gas landing point, but additional power generation
capacity should also be located at the existing generation sites where feasible to optimize
the use of onshore natural gas distribution infrastructure.
The dispersed nature of Guyana’s existing power plants raised another potential technical challenge. Distributing the natural gas to each power plant could be challenging given the dense population and infrastructure in the surrounding area. Installing underground pipelines in urban areas will disrupt traffic and may require extensive planning
and rights-of-way negotiations. Transporting the gas as LNG once it is landed could be a
more viable option, although it will cost more than the onshore pipeline option. A micro-LNG station and distribution via truck and barge would avoid the potential environmental, economic, and social harm from building pipelines in heavily populated areas.
The LNG infrastructure would also be able to reach a wider range of consumers, including hinterland communities, which will create additional natural gas demand uses. Further analysis is needed to better assess the potential costs and benefits of distributing the
landed natural gas via LNG.

1.2. Costs and benefits of using natural gas for electricity generation
The offshore pipeline is estimated to cost between US$165 million and US$270 million
to build, depending on the size and landing site location. On shore compression and
separation of the LPG is estimated to cost between US$43 million and US$114 million.
Finally, distributing the natural gas to the various electricity generation location is estimated to cost between US$95 million and $127 million for the various proposed landing
sites. The Clonbrook landing site is the optimal landing site for the 30 MMcfd
pipeline. This option would cost US$304 million, including US$165 for the offshore
pipeline, US$43.5 million for a compression station and separation plant onshore, and
US$95.4 million for onshore pipelines to bring natural gas to power stations in Vreeden-Hoop, Kinston, Garden of Eden, and Canefield.
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The Clonbrook landing site results in the lowest overall delivered cost of natural
gas. Table 1.1 below compares the delivered cost to each of the power generation sites
considered for each natural gas landing site option.
Table 1.1: Estimated natural gas transportation cost by landing site option (US$
per MMBtu)

!
Source: Energy Narrative calculations

As the most central of the three proposed landing sites, Clonbrook balances the costs to
deliver natural gas to both ends of the power grid, enabling a more balanced generation
system and supporting new capacity additions across the system.
As a result, landing the natural gas in Clonbrook provides the lowest overall cost of
electricity among the three options (see Figure 1.1 below). The levelized cost of electricity for each option shown below includes a capital component, fixed and variable operations and maintenance costs (O&M), and fuel costs. The capital and O&M costs are
identical for each option, such that the variations in electricity price directly reflect differences in the delivered price of natural gas for each option.
Figure 1.1: Comparison of the average cost of power generation across the three
Options (US$ per MWh)
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Source: Energy Narrative calculations

The analysis also showed that natural gas may be significantly cheaper than fuel oil.
Figure 1.2 below compares the average cost of electricity supply in Guyana using natural
gas landed at Clonbrook to the outlook for power generation costs based on HFO. As
above, the total price of electricity includes the capital, O&M, and fuel costs. The levelized cost of capital is US$43 per MWh for the Baseline case, reflecting an investment
of US$342 million through 2035 for new power generation capacity. For the natural gas
option, converting GPL’s current power plants to use natural gas requires an additional
US$13.3 million, or 4% more than the Baseline case. This results in a levelized capital
cost of US$44.67 per MWh for the natural gas case. The two options have similar O&M
costs, leaving the fuel price as the main differentiator between the two.
Figure 1.2: Average cost of electricity, HFO Baseline and Oil Price Sensitivity
Cases vs. Natural Gas (Clonbrook) (US$ per MWh)
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Source: Energy Narrative calculations

This analysis (detailed in Section 12 below) assumes a wellhead price of $0.00 per
MMBtu. As noted below, the actual price per MMBtu for the natural gas molecule will
be negotiated between the Government of Guyana and EEPGL, and may be higher or
lower than the estimated price used in this analysis.
Rising oil prices and a flat cost for natural gas increases the estimated savings for natural
gas fired power generation from US$50 per MWh in 2022 to nearly US$80 per MWh in
2035. Reducing the projected oil price forecast by 20% in the Oil Price Sensitivity case
still results in an expected savings of US$31 per MWh in 2022, rising to US$54 per
MWh in 2035.

1.3. Strategic fit with renewable energy goals
Guyana relies on imported oil for the majority of its energy needs, including imported
fuel oil for power generation. The current strategic plan states that Guyana will move
closer towards 100% renewable power supply by 2025, conditional on appropriate support and adequate resources. This aspirational transition includes exploiting the country’s
considerable hydro power potential. While large-scale hydro power is a significant opportunity in the medium to long term, and other renewable energy sources are available in
the interim, natural gas presents a new transition fuel opportunity that could reduce
electricity costs and promote stronger economic growth. The timing and funding of hydro-electric power is uncertain, whereas the immediate need for a cheaper source of
electrical power is now.
Utilizing the natural gas fits within the proposed regional integration plans, such as
Arco Norte. Although the Arco Norte project is centered on electricity sector integration based on large-scale hydropower development, the project includes other infrastructure improvements, such as roads linking Guyana and northern Brazil and devel-
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opment of the deep water port at New Amsterdam. This infrastructure is complementary to Guyana’s potential to develop new industries based on low cost natural gas supplies. In addition, the hydropower envisioned in the Arco Norte project is primarily oriented toward export. Substituting a portion of the forecast power generation capacity
additions for natural gas (also for export) could improve the utilization of the transmission lines by smoothing out seasonal variations in hydropower output. This analysis is
outside the scope of this project, but merits investigation if natural volumes are confirmed to be the higher range of 145 MMcfd (or more).
Industrial development based on natural gas also fits within Guyana’s strategy to
support economic development. Using natural gas to reduce electricity costs can spur
faster economic growth as consumers spend their savings on other goods and businesses
are able to lower their operating costs. Natural gas transported via trucks in the form of
LNG can also replace diesel for electricity generation and other uses in the hinterland,
reducing the cost of electricity and the cost to subsidize fuel deliveries in rural communities. As a low cost fuel, natural gas can also support new industrial development, including adding value to the bauxite and other raw materials currently produced in Guyana.
Revenue from oil and gas development can then support investment to improve infrastructure in general, such as roads, port facilities, and utilities. Poor infrastructure was
noted as a challenge to faster economic development.
Investing in power plants using natural gas does not prevent future hydropower and
renewable energy development. Even in the slowest electricity demand growth case,
the 30 MMcfd natural gas supply would not be sufficient to meet peak electricity demand. This provides space for alternative energy supply, particularly sources that can
follow the demand curve such as hydro power. If the lower cost of electricity allows
Guyana’s economy and electricity consumption to grow more quickly than currently envisioned, additional sources of clean and low cost electricity will be needed.

2. Introduction
The Government of Guyana would like to determine the feasibility of transporting and
utilizing natural gas produced offshore for electricity generation. ExxonMobil’s affiliate,
Esso Exploration and Production Guyana Limited (EEPGL), has discovered commercial quantities of oil and natural gas in the Stabroek block approximately 120 miles offshore Guyana. EEPGL estimates that between 30-50 million cubic feet per day (MMcfd)
of natural gas can be made available for electricity generation in Guyana. Additionally,
Guyana Power and Light (GPL), the state-owned electric utility, estimates that Guyana
electricity demand will more than double in the coming decade.
The Government of Guyana has engaged Energy Narrative to undertake a desk study
on the options, cost, economics, impacts, and key considerations of transporting and
utilizing natural gas from offshore Guyana for electricity generation.
This project aims to answer one underlying question: can the natural gas produced offshore Guyana be used to reduce electricity costs? In order to address this question, three
related sub-questions must be answered:
• What are the associated costs and benefits of producing electricity with
the natural gas? The cost of producing electricity using the offshore natural gas
must be lower than the current cost of producing electricity in Guyana for it to
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make sense to transport the natural gas to the shore. There are two key components to determine if this is true: the cost to deliver natural gas relative to the
price of alternative liquid fuels (diesel and fuel oil), and the cost to convert current generating equipment to use natural gas or to replace the current capacity
with new, gas-fired units.
To ensure that the cost of producing electricity with natural gas will be lower
than the current cost of producing electricity, we will need to estimate the cost
of transporting the natural gas to the power plants as well as test a range of
prices for the natural gas at the wellhead. We will address this in Components 2,
3 and 10.
In addition, the additional cost to convert existing electricity generation equipment to use natural gas and to build new electricity generation capacity must be
economically and financially feasible for the project to make sense. We will address this in Component 3, 9, and 10.
•

What are the associated technical and operational challenges? In order for
natural gas to be delivered to Guyana to fuel electricity generation, the selected
transportation medium must be technically feasible at the required scale. That is,
there must be proven technology for transporting the required volumes of natural gas for the required distance and at the water depths that will be encountered between the producing wells and the mainland. We will address this in
Components 2, 4, 7, 8, and 11.
In addition, the new or converted power plants must be integrated into Guyana’s
current electricity grid and system operations. We will address this in Components 5, 6, and 9.

•

What is the long-term strategic fit between natural gas and renewable energy and, in particular, hydro, development? Guyana has committed to moving closer towards 100% renewable power supply by 2025, conditional on appropriate support and adequate resources. Many large hydropower projects, including those related to the Arco Norte integration with Guyana’s neighbors, have
been proposed as part of this transition. Using the natural gas for power generation could be an effective intermediate solution while longer-term hydropower
investment plans are developed. Component 12 will review Guyana’s current
legal and regulatory structure to highlight potential changes that the introduction
of natural gas may require.

This Final Report describes the analysis that Energy Narrative has performed to address
the twelve Components of the study in order to answer these questions. The Components included in this report include:
• Component 1: Information gathering (Section 3)
• Component 2: Alternative transportation media (Section 4)
• Component 3: Veracity, cost, and option of using 30-50 MMcfd for power
generation (Section 5)
• Component 4: NG pipeline risk assessment and flow analysis (Section 6)
• Component 5: Analyze submitted plans to optimize existing generation units
(Section 7)
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• Component 6: Analyze framework for including natural gas (Section 8)
• Component 7: Natural gas pipeline conceptual design requirements (Section
9).
• Component 8: Potential sites for proposed transportation media (Section 10)
• Component 9: Analyze power plant performance in light of NG pipeline
routing (Section 11)
• Component 10: NG pipeline, Power, and Transmission cost (Section 12)
• Component 11: Pipeline requirement and conditions (Section 13)
• Component 12: Regulatory and institutional framework (Section 14)
Each component is described in detail in the sections below.

3. Component 1: Information gathering
Our first task in this assignment was to confirm our methodology and work plan with
the Government of Guyana, and meet with relevant stakeholders to discuss the project
objectives and review available data, analysis, and reports. During this initial information
gathering trip, Jed Bailey and Jonathan Parry met with the following individuals:
• The Honorable David Patterson, MP, Minister of Public Infrastructure
•

The Honorable Raphael Trotman, MP, Minister of Natural Resources

•

Dr. Mahender Sharma, CEO, Guyana Energy Agency

•

Mr. Renford Homer, CEO, Guyana Power and Light, Inc.

•

Mr. Kenneth Jordan, Ministerial Advisor, Ministry of Public Infrastructure

•

Mr. Horace Williams, CEO, Hinterland Electrification Company, Inc.

•

Ms. Morsha Johnson-Francis, Electricity Regulatory Advisor, Ministry of Public
Infrastructure

•

Ms. Kiran Mattai, Legal Officer, Guyana Energy Agency

•

Mrs. Joanna Homer, Attorney-at-Law, Legal Assistant to the Minister, Ministry
of Natural Resources

•

Ms. Teresa Gaime, Technical Officer, Ministry of Natural Resources

This initial information gathering ensured that our understanding of the objectives of
the assignment is consistent with that of the Government of Guyana and stakeholders,
and that all relevant data, analysis, and reports are identified and made available.
A project Inception Meeting was held on April 7, 2017 to set the foundation for a productive working relationship among our team, the Government of Guyana, and key
stakeholders. Jed Bailey and Jonathan Parry both attended the Inception Meeting with
key stakeholders from the Ministry of Public Infrastructure, as well as a separate meeting
with stakeholders from the Ministry of Natural Resources. At these meetings we discussed our approach and methodology, confirmed the output delivery schedule, and discussed project logistics and data availability.
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At the same time, the Government of Guyana provided access to recent reports, studies,
annual reports, and data that was available and relevant to the study. We reviewed these
relevant documents and available data from the Government of Guyana and other
stakeholders, and have relied upon them to complete this assignment.
The feedback and insights from the information gathering trip and the Inception Meeting were summarized in a draft Inception report that was delivered to the Ministry of
Public Infrastructure on April 14, 2017. The Final Inception Report was accepted by the
Ministry of Public Infrastructure on April 26, 2017.

4. Component 2: Alternative transportation media (CNG/LNG)
Transporting natural gas from the production site to the end consumer is traditionally
done via pipeline. New technologies, however, including liquefied natural gas (LNG) and
compressed natural gas (CNG), are also being developed and deployed. Transporting
natural gas via pipeline is a relatively straightforward process and has been successfully
employed for decades. The technology to transport natural gas as LNG or CNG, however, continues to evolve. Recent technological advances have helped to improve efficiency and reduce the large investment in processing equipment that is required to liquefy and regasify the LNG, or to compress and de-compress the CNG. The different cost
structure and characteristics of each transportation technology option create unique
benefits and challenges.
The purpose of Component 2 is to provide background information on the option to
use LNG or CNG to transport the natural gas, and to compare the potential benefits or
risks of using the alternatives relative to the proposed natural gas pipeline. This analysis
is divided into two components: using LNG or CNG to transport the natural gas from
the offshore production site to the landing site in Guyana, and using LNG or CNG to
transport the natural gas from the landing site to end users, such as power plants and
large industrial consumers.
Specific activities and analysis within this Component include:
• reviewing the current state-of-the-art for suitable LNG and CNG technologies,
•

examples of current projects at similar scale using each technology,

•

identifying known benefits and risks for each technology,

•

reviewing the suitability of potential placement of LNG/CNG receiving terminals relative to current and planned electricity infrastructure, and

•

comparing each option relative to the proposed natural gas pipeline.

The analysis is based on publicly available data, analysis, and reports, and from Energy
Narrative’s experience in analyzing similar projects that incorporated alternative natural
gas transportation technologies.

4.1. Offshore transportation options
This section reviews the option to use LNG or CNG to transport natural gas from the
offshore production site to the Guyana mainland. Each technology brings a unique set
of advantages, disadvantages, risks, and opportunities as noted below.
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4.1.1. LNG technologies
Liquefied natural gas (LNG) uses cryogenics to cool natural gas to extremely low temperatures until it becomes a liquid. The liquefaction process is energy intensive, consuming as much as 10% of the natural gas to be converted, and the LNG must be kept at
cryogenic temperatures to remain in a liquid state. On-shore liquefaction, LNG shipping,
and on-shore regasification technologies are all mature, with more than 50 years of operational experience at the global level. Floating storage and regasification units (FSRUs)
began to be employed in the past decade and there are now multiple FSRUs in operation
worldwide.
Floating liquefaction (FLNG), however, is a much newer technology. According to a recent report by the Oxford Institute for Energy Studies, as of late 2016 there were seven
FLNG projects in progress and expected to be completed in the coming year or two.1
These projects are a range of scales, from the Prelude megaproject offshore Australia
(3.4 million tonnes per annum), to an offshore barge proposed for Colombia scaled at
0.5 million tonnes per annum, or roughly 65 MMcfd.
Benefits of using floating LNG include:
• Moderate flexibility to accommodate changes in scale. Seaborne LNG can
scale up as natural gas volumes increase by employing more ships, larger ships, or
both. The liquefaction system’s design throughput can be a limiting factor, however, and it represents the largest equipment cost in the delivery system if it
needs to be upgraded.
• High flexibility to accommodate changes in source or destination. LNG
delivery chains can be moved as needed if a particular supply source is depleted
or if the natural gas is needed at a different delivery point. This flexibility is virtually unlimited, as LNG ships are a relatively small part of the delivery chain
costs and can carry large volumes of natural gas for great distances. While smallscale ships like those that would be used in this application are more expensive
per unit of natural gas transported than world scale ships, they are far cheaper
per mile than a similar sized CNG ship.
Challenges and risks of floating LNG include:
• High capital cost. The capital required for liquefaction and regasification at
either end of the delivery chain is high relative to compression costs. These costs
do not scale linearly with size, and so smaller-scale facilities generally cost more
per unit of natural gas processed than larger facilities. FLNG ship costs are
speculative, given the limited number of projects underway, but range between
$600-1,000 per tonne per annum of capacity. For the 30-50 MMcfd proposed for
Guyana, this translates to a range of $140-380 million. The ship cost is estimated
to be 60% of the total capital cost of a project, putting the total for Guyana’s
application in the range of $230-$600 million.
• High operating costs. Operating costs for seaborne LNG are also relatively
high. The volume of natural gas lost in liquefaction and regasification can be
more than 12%, with additional fuel required to drive the ship. As with capital
costs, operating costs are somewhat speculative, but are estimated to be on the
order of $1.30 per MMBtu.
1

Floating Liquefaction (FLNG): Potential for Wider Deployment. Oxford Institute of Energy Studies, November, 2016.
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•

Moderate technology risk. Because FLNG projects are only now being completed, there is limited operational experience and history. As with any new technology, unforeseen challenges may increase costs beyond current estimates.

4.1.2. CNG technologies
Compressed natural gas (CNG) uses high-pressure pumps to reduce the volume of natural gas, while leaving it in a gaseous state. This technology allows greater volumes of
natural gas to be stored and shipped than at atmospheric pressure, but without the cost
and technical challenges of liquefying it.
Although CNG has been used for decades on land, seaborne CNG has not. Although
CNG avoids the large capital costs of liquefaction and regasification, CNG ships are
expected to be more expensive (and transport less gas) than similarly sized LNG ships.
Because shipping is the most expensive component for CNG, it is best suited for smaller
volumes delivered over shorter distances.
Several companies have competing designs for large-scale CNG ships, most of which are
essentially floating platforms for coils of high-pressure pipeline. After efforts to develop
and promote CNG ships for more than a decade, the first CNG ship to be built was put
into commercial operation in late 2016.
This ship was designed to carry CNG from an on-shore production facility to small demand centers within Indonesia, an optimal application for the technology given the small
volume of natural gas required and the short distances between islands. However, the
project did not require off-shore loading, and so this critical component of the delivery
chain remains untested.
As the technology matures, costs will likely come down, but much additional investment
and development is required before seaborne CNG will be as readily available as LNG.
Benefits of using floating CNG include:
• Moderate capital cost. The capital required for CNG compression and decompression at either end of the delivery chain is moderate relative to liquefaction and regasification. The highest cost in the value chain is the ship which can
be scaled to match the required delivery volumes. Although cost estimates are
highly speculative given the limited history, shipbuilders suggest a CNG ship of
suitable size for Guyana would cost on the order of $210 million. Each ship
would hold 3-5 days’ worth of natural gas production and would operate as its
own storage facility, suggesting at least 2-3 ships would be required to ensure uninterrupted gas supply.
• Moderate operating costs. Operating costs for seaborne CNG are expected to
be lower than LNG but higher than pipeline operating costs. The volume of
natural gas lost in compression and decompression is similar to that of a pipeline, with the additional fuel required to drive the ship.
• Moderate flexibility to accommodate changes in scale. Seaborne CNG can
scale up as natural gas volumes increase by employing more ships, larger ships, or
both. This flexibility comes at a cost, however, as the CNG ships are the highest
cost component in the delivery chain. The compressors’ design throughput can
be a limiting factor, but are a relatively small part of the equipment cost if they
need to be upgraded.
• Moderate flexibility to accommodate changes in source or destination.
CNG delivery chains can be moved as needed if a particular supply source fails
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or the natural gas is needed at a different delivery point. This flexibility is limited
to a range of a few hundred miles, however, as greater distances would require
more ships to accommodate the longer transit times. Distances over 500-700
miles are like to become uneconomic given the high cost of CNG ships relative
to the volume of natural gas they can carry.
Challenges and risks of floating CNG include:
• High technology risk. With only one CNG ship operating, operational risks
and processes remain untested. There is also a limited number of companies able
to service the ships, raising the risk of extended disruptions in the event of a
technical fault or accident.
• High cost uncertainty. The limited number of completed projects also raises
uncertainty about the true cost of building and operating CNG ships. Costs for
early ships will likely be higher than proposed as shipyards gain experience.
4.1.3. Recommendation
There is very high uncertainty about the capital and operating costs of both the FLNG
and CNG options. While the final cost of the pipeline will require additional analysis and
detailed design, rough estimates put the total capital cost at between $170-230 million.
This is on par with the estimate for a single CNG ship and less than the lowest estimate
for FLNG (before including the capital for a regasification terminal), and the true cost
for CNG and FLNG could be more than double this lower bound.
Operational costs for a pipeline are also minimal. For most onshore pipelines, the primary operational cost comes from fuel use for compression, but this is not required for the
offshore pipeline as the natural gas will enter the pipeline at high pressure already. For
CNG, the operating cost will be primarily fuel and crew for the ship, as there is limited
additional cost related to offloading the natural gas. For FLNG, operational costs can be
significant, adding more than $1 per MMBtu to the delivered cost of the natural gas.
The technical uncertainty and the expected higher cost of FLNG and CNG outweigh
the potential benefits of greater flexibility. Therefore, a pipeline is the recommended
option to bring the natural gas to shore.
Ownership of the natural gas pipeline is an important strategic decision. If the Liza field
remains the only hydrocarbon development in Guyana’s offshore, pipeline operations
will remain closely tied with the field’s development. If, however, further hydrocarbon
resources are discovered and developed, and if the pipeline is sufficiently scaled to accommodate the additional production volumes, it could become an important midstream asset for multiple producers and downstream consumers. Determining the commercial structure and appropriate guarantees and requirements for the pipeline owner,
operator, and users becomes critical.
Public-private partnerships (PPP) have been used in many countries to balance these
needs as well as the complexities of financing and environmental and social impact mitigation. PPP projects have many different forms, with private sector involvement ranging
from fixed deliverable contracts to long-term concessions and ownership of the assets.
PPP projects can be complex, however, and must be tailored to the specific circumstances of the country and project in question. Further analysis is needed to identify
potential PPP options and suitable commercial and regulatory structures for the
offshore pipeline.
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4.2. Onshore transportation options
This section reviews the option to use LNG or CNG to transport the natural gas once it
has reached the Guyana mainland. On-shore CNG and small-scale LNG—including intermodal “containerized” transportation units that can be carried by ship, rail, or truck—
are technically mature. These technologies are deployed worldwide to supply natural gas
to isolated demand sites or manage peak demand loads for pipelines operating at full capacity. As such, these technologies could be viable alternatives to distribute natural gas
to individual power plants, industrial sites, or other end consumers once the natural gas
is landed.
Each technology brings a unique set of advantages, disadvantages, risks, and opportunities as described in greater detail below.
4.2.1. LNG technologies
Liquefied natural gas (LNG) uses cryogenics to cool natural gas to extremely low temperatures until it becomes a liquid. The liquefaction process is energy intensive, consuming as much as 10% of the natural gas to be converted, and the LNG must be kept at
cryogenic temperatures to remain in a liquid state. On-shore liquefaction, LNG shipping,
and on-shore regasification technologies are all mature, with more than 50 years of operational experience at the global level.
The recent surge of low cost gas supply in the United States, combined with tightening
environmental regulations for marine emissions, have boosted investment and interest in
LNG for transportation and marine use. In addition, smaller scale liquefaction and regasification plants have been developed in the United States and elsewhere to meet peak
demand for natural gas in areas with pipelines operating at maximum capacity or to extend natural gas supply to areas not served by pipelines. Small scale LNG transportation
and storage options, including containerized LNG, bullet tanks, and LNG barges, are all
increasingly used worldwide.
Benefits of using LNG to transport the natural gas once it is landed include:
• High flexibility to accommodate changes in scale. Small scale LNG systems
are highly modular, allowing them to be expanded in relatively small increments
to meet growing demand. This flexibility reduces the need for very large initial
capital commitments and allows the LNG systems to more closely track actual
demand growth.
• High flexibility to accommodate changes in destination. LNG delivery
chains can be moved as needed if a particular supply source is depleted or if the
natural gas is needed at a different delivery point. This flexibility is virtually unlimited, as LNG trucks, barges, and ships are a relatively small part of the delivery chain costs.
• Faster implementation. LNG facilities are concentrated in single point locations—either the liquefaction facility at the point of supply, or the regasification
facility at the point of consumption. This removes a major obstacle and frequent
cause of delays in pipeline construction: the need to secure extensive rights-ofways, relevant construction and environmental permits, and conduct related environmental and social impact studies.
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•
•

Reduced disruption during construction. The single-point nature of LNG
infrastructure also avoids the disruption of traffic or other land uses that often
results from pipeline construction along roads or through privately held land.
Moderate volume per truck or barge. A standard 40 foot containerized LNG
tank suitable for transportation via truck or rail contains the equivalent of 1,500
cubic feet of natural gas. This is the equivalent of roughly 130 MWh of electricity production from a reciprocating engine similar to those modeled for Guyana’s
future generation capacity additions. A 200 cubic meter barge would hold sufficient natural gas to provide just over 600 MWh of electricity, while a 1,000 cubic
meter barge could fuel just over 3,000 MWh. To put this in perspective, an 11.4
MW power plant (the size expected to be added each year to meet Guyana’s incremental electricity needs), would consume the LNG from a tanker truck in 11
hours, a 200 cubic meter barge in 54 hours, and from a 1,000 cubic meter barge
in just over 11 days of continuous operation. This makes containerized LNG an
attractive option to deliver natural gas to small, remote locations (such as hinterland communities or small commercial and industrial customers), but unsuitable
for Guyana’s existing main power stations.

Challenges and risks of LNG include:
• High capital cost. The capital required for liquefaction and regasification at
either end of the delivery chain is high relative to compression costs for CNG
and the capital cost of pipelines. These costs do not scale linearly with size, and
so smaller-scale facilities generally cost more per unit of natural gas processed
than larger facilities. Satellite LNG stations at a suitable scale for Guyana’s application are estimated to be on the order of $2,000 per tonne per annum of capacity. For the 30 MMcfd proposed for Guyana, this translates to a cost of $228 million. LNG tanker trucks are estimated to cost US$500,000 each.
• High operating costs. Operating costs for LNG are also relatively high. The
volume of natural gas lost in liquefaction and regasification can be more than
12%, with additional fuel required to transport the LNG via truck or barge. As
with capital costs, operating costs are somewhat speculative, but are estimated to
be on the order of 2% of the capital cost for liquefaction, roughly US$0.50 per
MMBtu for transportation by truck, and a further US$1.00-$1.30 per MMBtu for
regassification.
• Higher operating complexity. LNG truck and barge operators, as well as the
facility operators at both the supply and consumption ends, must be trained to
handle cryogenic liquids such as LNG. In addition, road and sea safety protocols
and emergency responses must be implemented to ensure the LNG can be
transported safely and the effects of any accident during transportation is mitigated. This is particularly important when transporting LNG in densely populated areas.
4.2.2. CNG technologies
Compressed natural gas (CNG) uses high-pressure pumps to reduce the volume of natural gas, while leaving it in a gaseous state. This technology allows greater volumes of
natural gas to be stored and shipped than at atmospheric pressure, but without the cost
and technical challenges of liquefying it.
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CNG has been used for decades on land and is considered a mature technology. CNG
avoids the large capital costs of liquefaction and regasification, but CNG tanker trucks
and barges have much smaller capacity than similarly sized LNG trucks and barges.
Benefits of using CNG to transport natural gas onshore include:
• Moderate capital cost. The capital required for CNG compression and decompression at either end of the delivery chain is moderate relative to liquefaction and regasification. CNG trucks and barges are of a similar cost to LNG
trucks and barges.
• Moderate operating costs. Operating costs for land-based CNG are higher
than pipeline operating costs, given the greater fuel use and greater number of
employees required to move the CNG via truck or barge. The volume of natural
gas lost in compression and decompression is similar to that of a pipeline, with
the additional fuel required to drive the truck or barge.
• High flexibility to accommodate changes in scale. CNG facilities, like LNG
facilities noted above, can scale up as natural gas volumes increase.
• High flexibility to accommodate changes in destination. CNG delivery
chains can be moved as needed if a particular supply source fails or the natural
gas is needed at a different delivery point. This flexibility is more limited than
LNG, however, as the volume of natural gas carried by each CNG truck or barge
is less than a similarly sized LNG transport. As a result, more trucks or vessels
are needed to move a similar volume of natural gas, making longer distances less
economic.
Challenges and risks of CNG include:
• Limited volume per truck or barge. Each CNG truck or barge holds roughly
one-third of the natural gas as a similarly sized LNG transport. As noted above,
this volume limitation can limit the size of consumer that can be economically
served and limits the distance that the CNG can be economically transported.
This volume limitation makes CNG trucks unsuitable for power generation except for the very smallest of Guyana’s isolated systems. For example, a 0.5 MW
generator would require a 40 foot CNG container for every three and a half
days. A 5 MW power plant would require one every 8 hours.
• Moderate operating complexity. Filling and offloading CNG trucks and
barges requires specialized training, although they may be less complex to operate than LNG vessels.
4.2.3. Recommendation
A pipeline is by far the most economical option to transport natural gas onshore, averaging US$1.00-5.00 per MMBtu, assuming no additional costs are required to obtain land
or rights-of-way for the pipeline path. It is also the most challenging to implement given
the need to negotiate the required rights-of-way, and the potential for construction disruptions and delays.
A satellite LNG liquefaction station, coupled with distribution via truck or barge, could
be simpler and faster to implement, but would also be more expensive. As the option to
review on-shore LNG was added at the very end of the study period, there was insufficient time to analyze specific costs for such an LNG delivery chain, but global experience and “rule of thumb” numbers suggest a cost on the order of $8-11 per MMBtu to
deliver natural gas via small-scale LNG. This cost estimate would need to be assessed in
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greater detail, but gives an order of magnitude sense of the relative increase in costs to
use LNG instead of a pipeline.
CNG would not be to supply the volume of natural gas needed for any except the smallest of Guyana’s power plants, and so is not viable for this application. CNG could be
used for local applications, including fleet vehicles or industrial uses.
Therefore, a pipeline is the most technically economic option to transport the
natural gas once it is on shore, but also the most difficult to implement. LNG
barges and trucks are a viable alternative, trading higher cost for simpler and
more rapid implementation. CNG is not viable for larger end users, such as power
plants, but may be useful for vehicle fleets or other localized uses.
Further analysis on small-scale LNG to is needed to better ascertain the likely cost to
distribute natural gas as LNG to GPL’s main power generation facilities and other large
consumers. Additional analysis could also identify customers and locations outside of
GPL’s main generation facilities that could bring additional volumes of viable natural gas
demand in Guyana.

5. Component 3: Veracity of using 30-50 MMcfd for power generation
The purpose of Component 3 is to verify that there will be an adequate demand for natural gas for electricity generation to support the project and to ensure that the proposed
timing for converting electricity generation equipment to use natural gas or investment
in new electricity generation capacity is compatible with the proposed timing of the natural gas supply availability. Specific activities and analysis includes:
• Confirming the available volume of natural gas
•

reviewing GPL’s current electricity generation assets,

•

reviewing GPL forecasts for electricity demand growth,

•

reviewing future electricity generation capacity additions and potential to convert
existing capacity to use natural gas,

The analysis is based on available data, analysis, and reports on electricity demand
growth and future investment projections of new or converted natural-gas-fired electricity generation capacity provided by GPL and the Government of Guyana.

5.1. Available volume of natural gas
The original terms of reference for this report suggested that between 30 and 50 MMcfd
of natural gas could be made available for use in Guyana for a period of 15-20 years,
starting in 2020. Through our initial data gathering discussions with the Government of
Guyana, and in later information provided by EEPGL, the range of potentially available
natural gas was suggested to be 30 MMcfd at the lower bound and potentially as much as
145 MMcfd at the upper bound. EEPGL proposed these two volumes for the possible
sizes for the natural gas pipeline to shore. This natural gas would be available for power
generation January 1, 2022 under EEPGL’s latest proposed planning, preparation, and
construction schedule.
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EEPGL also provided an initial assessment of the composition of the natural gas produced from the Liza Destiny FPSO. As shown in Table 5.1 below, the gas is primarily
methane and ethane (86.4% mole fraction), with significant volumes of propane, butane,
and heavier condensates (12.4% mole fraction), and only small amounts of CO2 (0.8%
mole fraction) and nitrogen (0.4% mole fraction).
Table 5.1: Liza Destiny FPSO natural gas composition

!
Source: EEPGL as reported to the Government of Guyana

The gas composition as reported has an average heat content of 1,302 Btu per cubic
foot. This is roughly 25% above standard pipeline specifications for natural gas in the
United States (where pipeline gas is roughly 1,035 Btu per cubic foot), but still suitable
for use in reciprocating engines for power generation (which are generally able to handle
a wide range of fuel inputs, including liquid fuels, such as diesel, and LPG) or most industrial applications. The reported levels of CO2 and nitrogen are also within typical
ranges for use in power generation, and so no additional treatment is needed to remove
impurities from the gas stream.
If the ethane is left in the natural gas stream, but the propane, butanes, and heavier condensates are separated out and sold as LPG once the natural gas reaches the shore, the
heat content would be reduced to 1,169 as shown in the “NG stream” line in the table
above. This is still roughly 13% higher than is typical for pipeline gas in the U.S., but well
within the tolerance range for most end uses.
Separating the LPG stream would reduce the volume of delivered natural gas by 12.4%,
such that 30 MMcfd of wet gas delivered to the shore would produce 26.3 MMcfd of
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dry gas and 3.7 MMcfd of gaseous LPG. At the higher end, a 145 MMcfd supply of wet
gas would result in 127 MMcfd of dry gas and 18 MMcfd of gaseous LPG.
Converting the LPG stream to the equivalent in liquid barrels (that is, pressurized until
becomes liquid for storage and transportation), results in just over 2,400 barrels of LPG
per day, or nearly 890,000 barrels of LPG per year. This is significantly higher than
Guyana’s current estimated LPG consumption of roughly 200,000 barrels per year, suggesting that the LPG supplied from the natural gas stream could replace all current LPG
imports and also support additional new uses. Under the higher natural gas supply range,
LPG production could nearly 11,800 barrels per day, or almost 4.3 million barrels per
year – more than 20x current consumption levels.

5.2. GPL current power generation assets
GPL provides electricity to the coastal regions where the majority of Guyana’s population and economic activity is located. The main demand center outside of the GPL system is Linden which is served by an 18MW power plant owned by the Bosai Bauxite
Company (which also uses the plant for its mining operations). Other demand centers
are small communities which generally have less than 1 MW of demand. Linden and
other communities in the hinterland are served by local power companies that are collectively owned by the Government of Guyana through National Industrial and Commercial Investments Limited.
Table 5.1 below describes GPL’s main electricity generation assets that are currently in
operation serving the Demerara-Berbice interconnected system (DBIS). All assets listed
below are owned by GPL, with the exception of the Skeldon-Guysuco units which are
owned and operated by Skeldon Energy Inc. (SEI), also a state-owned company. SEI
receives bagasse as fuel for the power station from the Guyana Sugar Company (GuySuCo) and provides electricity to GuySuCo and to GPL under a power purchase agreement.
In addition to the units listed below, GPL also operates smaller isolated reciprocating
engines in Guyana’s Essequibo region to the west of Georgetown. These units range
from 0.3-5.4MW each and serve communities at Anna Regina, Leguan Island, Wakenaam
Island, and Bartica that are not connected to the main DBIS.
Table 5.1: GPL current power generation units

!
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Source: Guyana’s Power Generation System Expansion Study, 2016.

All of GPL’s listed generation units are reciprocating engines, burning either heavy fuel
oil (HFO) or light fuel oil (LFO), with the exception of Skeldon-Guysuco 2 which consists of two 15 MW gas turbines fueled by sugarcane bagasse. As such, virtually all of
GPL’s current installed capacity is suitable to be converted to use natural gas as a fuel.
The current engines are a mix of new installations (within the past 10 years) and much
older units ranging from 20-40 years old. While newer units could be adapted to become
dual fuel (natural gas and HFO), it is likely more cost effective to replace units that are
more than 30 years old.

5.3. GPL forecast electricity demand growth
The amount of natural gas consumed for electricity generation will depend on the
amount of current capacity that is converted to use natural gas, the amount of new natural-gas-fired capacity that is added, and the total electricity demand being served. This
section reviews the forecast for Guyana’s electricity demand growth through 2035.
The 2016 report “Guyana’s Power Generation System Expansion Study” performed a
detailed econometric study to forecast Guyana’s electricity demand growth, reviewed
previous demand forecasts to calibrate their results, and examined the potential for lower
cost electricity to bring self-generators back to GPL’s service.
The study’s build-up of the total load to be served by GPL’s generators under the Base
Case forecast is shown in Table 5.2 below. Annual organic demand growth is forecast to
slow from nearly 5% today to 3.6% by 2035. The original study assumed 100% of selfgeneration load would return to GPL as electricity prices decline. This transition was estimated to occur over four years starting in 2022, with 25% of the total self-generation
load switching to GPL per year. For this analysis, a similar conversion was assumed, beginning in 2022 when electricity prices are expected to decline with the arrival of natural
gas.
The study also assumed that the Linden system would be integrated into the DBIS by
2022. We have maintained that assumption and also assumed that the Essequibo systems would also be integrated at that time2. The study also assumes steady progress in
reducing technical and non-technical losses, a share of which are assumed to be converted into sales.
Table 5.2: Guyana Base Case electricity demand forecast

2

The expansion study removed Essequibo demand from GPL’s total reported demand as shown in the table. The study
also noted a proposed new transmission line to link the Essequibo region with a new substation at Parika, but the demand from the region was not added into the forecast for DBIS in any of the demand cases. We have included Essequibo demand
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!
Source: Guyana’s Power Generation System Expansion Study, 2016.

The Base Case forecast results in the total load served by GPL rising from just under
700 MWh in 2014 to just over 2,000 MWh in 2035. Peak demand also roughly triples in
the period. This strong growth in demand implies a significant need for new power generation capacity over the period, relative to the current installed system.
The Study included High and Low demand cases which are shown in Table 5.3 and 5.4,
respectively. The High Case assumes electricity demand growth remains above 4.5%
throughout the study period, resulting in total load for GPL reaching 2,400 GWh in
2035, roughly 20% higher than in the Base Case. Peak demand in the High Case reaches
nearly 370 MW, roughly 50 MW higher than the Base Case.
Table 5.3: Guyana High Case electricity demand forecast

!
Source: Guyana’s Power Generation System Expansion Study, 2016.

Electricity demand growth in the Low Case slows to 2.5% per year by 2035, resulting in
GPL serving a total load of 1,780 GWh by the end of the period, roughly 1,100 GWh
higher than in 2014. Peak demand in the Low Case reaches just over 270 MW by 2035.
Table 5.4: Guyana Low Case electricity demand forecast
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!
Source: Guyana’s Power Generation System Expansion Study, 2016.

5.4. GPL forecast new electricity generation capacity additions
The expansion study examined six alternative combinations of electricity generation
technologies for new capacity additions to serve Guyana’s growing electricity needs. Of
the six, two are presented here: the selected Optimal alternative and Alternative 1, which
considered adding only new engines.
Table 5.5 below shows GPL’s currently operating units and the proposed new capacity
additions and technology choices under the Optimal expansion plan. The plan is centered on a major new hydro plant (estimated to be 150-180 MW, shown as 160 MW here)
in 2021. Other renewable energy technologies include wind, solar, biomass (wood
residue), and bagasse. Only three new engines are added in this plan: 2x8.7 MW HFO
units in 2017, 2x11.4 MW LFO units in 2018, and 3x11.4 natural gas units by 2035.
Table 5.5: Guyana Optimal capacity expansion plan

!
Source: Guyana’s Power Generation System Expansion Study, 2016.

The Alternative 1 plan is based on adding HFO engines in groups of 2x11.4 MW units
as needed to keep pace with electricity demand growth. As shown in Table 5.6 below,
engines are added in 2018, 2021, 2022, 2023, 2024, and 2025, with two more sets added
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between 2025 and 2030 and again between 2030 and 2035. In the expansion study, these
engines are assumed to use liquid fuels until natural gas is available in 2031.
Table 5.6: Guyana Alternative 1 capacity expansion plan (engines only)

!
Source: Guyana’s Power Generation System Expansion Study, 2016.

The Alternative 1 plan adds less new capacity than the Optimal plan (228 MW added
over 2017 levels compared to 282.6 MW of new capacity in the Optimal plan). The Optimal plan includes a higher capacity margin owing to the intermittent availability of
wind and solar, and lower availability of hydro power.

5.5. Implications for natural gas demand
The amount of electricity that can be supplied by 26.3 MMcfd of natural gas depends
on the efficiency of the power plants that are burning it. Using the 8,000 Btu/kWh heat
rate of the theoretical reciprocating engine from the GPL 2016 expansion study, 26.3
MMcfd of natural gas (with heat content of 1,169 Btu per cubic foot as noted in section
5.1 above) would generate 160 MW of continuous electricity supply. This is less than
the 182.9 MW peak demand expected in 2022 (when natural gas is first available), but
more than the average electricity demand of 136.6 MW (and likely much more than the
minimum electricity demand).
This implies that even if 100% of Guyana’s electricity supply were able to be generated
from natural gas, there would be periods of high electricity demand that would require
liquid fuels to supplement the natural gas supply and there would also be periods in
which more natural gas was available than was required for electricity generation.
The actual volume of natural gas consumed for electricity generation in Guyana will be
determined by the total electricity demand and the total share of installed generation capacity fueled by natural gas. The Optimal plan noted above would result in lower natural
gas consumption than the Alternative 1 plan, owing to the addition of significant hydro
power capacity and other renewable energy technologies.
In order to establish the maximum potential demand for natural gas for electricity generation, Table 5.7 shows the natural gas required to serve the forecast electricity demand
under the three demand cases assuming 100% of electricity supply was fueled by natural
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gas. The calculated natural gas demand assumes that the hypothetical natural gas burning
units have an efficiency rating similar to Guyana’s current new engines.
Table 5.7: Guyana theoretical natural gas volumes required to serve entire electricity generation demand (MMscfd)

!
Source: Consultant estimations based on electricity demand forecasts in Guyana’s Power Generation System Expansion Study, 2016

The estimated maximum demand for natural gas is 25.2 MMcfd in the first year that the
gas would be available. Even under the low demand case, natural gas demand would surpass the minimum available supply of 26.3 MMcfd (based on the 30 MMcfd supply projection after removing the natural gas liquids—see section 5.1 above) by 2024. This
clearly demonstrates that there is sufficient demand for natural gas in Guyana’s power
sector to support the 30 MMcfd pipeline. The maximum natural gas demand under the
three cases ranges between 36 and 49 MMcfd by 2035.
It is important to note that this is a theoretical maximum that assumes all electricity is
generated with natural gas and natural gas supply can be modulated to match the electricity demand curve (through storage or line pack). The actual conversion of older units
may take time and may not reach 100%, depending on the feasibility of suppling natural
gas to each location. This could, in turn, delay the pace of natural gas demand growth,
reduce the share of electricity generation fired with natural gas, and, ultimately, reduce
the total demand for natural gas. This more detailed analysis is covered in section 7 (Optimizing existing generation units), section 8 (Framework for including natural gas), and
section 12 (Natural gas pipeline and power costs).
This analysis also assumes there is no additional source for natural gas demand, or new
additional electricity demand, as a result of the availability of natural gas. New industrial
facilities that are built specifically to take advantage of the available natural gas volumes
would add to this total. Higher economic growth and higher electricity consumption as a
result of lower electricity costs could also add to this total.

6. Component 4: NG Pipeline Risk Assessment & Flow Analysis
The purpose of Component 4 is to scope out the major risks to the natural gas pipeline.
Specific analysis includes:
•

defining the high level risks impacting pipeline feasibility,

•

identifying the major constraints to the Natural Gas pipeline design, and

•

identifying the major risks to pipeline flow.

To complete this deliverable, Energy Narrative utilized their experience in the design and
review of major deep water projects worldwide, and conducted a literature survey of
similar recent projects in the industry.
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6.1. High Level Risks Impacting Pipeline Feasibility
The risks impacting pipeline feasibility are evaluated during pipeline route determination,
a process which is iterative with increasing amounts and increasing quality of data. The
American Bureau of Shipping (ABS), which certifies the integrity of oil and gas facilities
for insurance purposes, defines a process to determine the optimal pipeline.
The evaluation process utilizes a Geophysical Information System (GIS) to define the
risks spatially with the optimum pipeline route determined with a least-cost path optimization. The risks considered include geological, geotechnical, ecological and cultural
risks, and are interpreted, evaluated, classified and weighted in degree of risk and cost.
Constraints are mapped and then combined to create a single Geocost map, which displays a surface of risk and / or cost. An algorithm is then used to select the least cost
route between two points resulting in the least risk / cost route (note that this not a risk
free route, but the one with the least combination of risk and cost per the algorithm). As
information is further refined, the model is updated and the route refined.
It is important to note that at any stage in the iterative process the risk of the pipeline
and the uncertainty in defining its final cost and risk may increase due to the acquisition
of new data though it is expected that the trend is decreasing risk and cost uncertainty.

6.2. Major Constraints to the Natural Gas Pipeline Design
The major constraints to natural gas pipeline design include geological, geotechnical,
ecological and cultural risks. The requirements for data gathering will illustrate the varied
methods of defining these risks.
Mechanical and integrity risks are designed out through engineering design, physical
properties such as metallurgy / material strength / wall thickness, and operating procedures. Deviations from operating procedures in combination with existing engineering
design and operating procedures are a real but manageable risk.

6.3. Major Risks to Pipeline Flow
In addition to the design risks outlined above, operating risks due to upstream and
downstream outages, pipeline integrity and intervention of local populations may disrupt
pipeline flow.
• Upstream outage risks. Compressor downtime and process facility downtime on
the FPSO are the most likely upstream operating risks, as gas injection well downtime is mitigated by the number of injection wells. Upstream outages can be mitigated for a short period of time by utilizing line pack in gas pipelines whereby the pipeline pressure falls as gas leaves a pipeline with no flow into it.
• Downstream outage risks. Natural gas is a highly-coupled system between supply
sources and demand sinks where disruptions in either are mitigated by the use of
natural gas storage. The most likely use of natural gas in Guyana is in the substitution of diesel and heavy fuel oil in electricity generators. As the generators are dualfuel they effectively serve the same role as storage, switching to alternative fuels in
the event of a natural gas outage. Any demand that does not have this dual fuel alternative will require natural gas storage to be built, although liquefied and compressed natural gas may be one of the exceptions.
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•

Pipeline integrity risks. Gas conditioning and the metallurgy of the pipeline are
important considerations. A cheaper pipeline can be built if sufficient emphasis is
placed on maintaining specified oxygen, carbon dioxide, hydrogen sulphide and water levels in the natural gas stream. The level of hydrogen sulphide and water in the
natural gas will increase over the life of the project as injected water reaches the producing wells. In periods of financial distress arising from low oil prices, maintenance
of these specifications is often the first item to go, potentially leading to future pipeline integrity issues. However, damage that may result from elevated levels of these
contaminants is often experienced in the production and injection wells before they
impact pipeline integrity.

•

Intervention risks. Intervention of local populations, including sabotage and theft
from the pipeline, are more prevalent when the pipeline path is nearby local populations. Unfortunately, pipelines located away from towns tend to attract people over
time. Burial can mitigate this problem, however signs must be placed and the local
officials and population educated regarding the location of the pipeline (to avoid accidental damage during construction and excavation) and the contents of the pipeline (natural gas and not oil) to reduce the risk of intentional vandalism for theft.

6.4. Conclusions and recommendations
The high-level risks to the natural gas pipeline are discovered during pipeline routing
studies where an iterative process using increasing amounts and quality of data is used to
define the optimum pipeline route – itself a reflection of a lowest risk / lowest cost approach. The major constraints to natural gas pipeline design include geological, geotechnical, ecological and cultural risks. No information has been provided regarding these
risks and how they apply to the EEPGL facilities and proposed routes. These will be
further defined as data and studies are procured to define these risks. Operating risks due
to upstream and downstream outages, pipeline integrity and intervention of local populations may disrupt pipeline flow. These risks, however, are often designed out and/or
mitigated in operating practice. It is important to clearly document what these operating
practices are and to maintain their integrity during periods of political and financial distress.

7. Component 5: Optimizing existing generation units
The purpose of Component 5 is to assess the technical feasibility of converting existing
power generation equipment and integrating new gas-fired electricity generation equipment. That is, to ensure that the proposed changes and additions to Guyana’s electricity
generation capacity will be compatible with the electricity transmission grid configuration, capacity, and operations. This analysis is based on data, analysis, and reports provided by GPL and the Government of Guyana.
Guyana’s current electricity grid is shown below in Figure 7.1, as presented in the 2016
expansion study. The DBIS includes generation units in six locations, with eight related
substations connected via 69kV transmission lines. A ninth substation at Versailles is
linked to the Garden of Eden substation through a 13.8kV line. Outside of the DBIS,
there are isolated generation units at substations in the Essequibo region at Leguan Island and Wakenaam Island at the mouth of the Essequibo river, Anna Regina, located
on the coast to the west of the Essequibo river, and Bartica, located inland at the con-
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fluence of the Essequibo and Mazaruni rivers. Other isolated systems include Leonora,
located along the coast between the Essequibo and Demerara rivers to the west of Vreed
en Hoop, and Linden, located inland along the Demerara river south of the Versailles
substation.
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Figure 7.1: Guyana current electricity grid (DBIS and other isolated systems)

!
Source: Guyana’s Power Generation System Expansion Study, 2016.

The current generation units are located throughout the DBIS, with the largest units at
Kingston and Skeldon, and other important units balancing electricity sources across the
grid. No single generation unit accounts for more than 20% of the system total. This
distribution of generation assets reduces the load on the transmission grid and helps
contribute to system stability.
All existing units, with the exception of the 30 MW gas turbines at Skeldon, are reciprocating engines. Of these, roughly 80 MW are Wartsilla engines and just over 20 MW are
mobile Caterpillar gen sets. Both Wartsilla and Caterpillar manufacture dual fuel engines
capable of burning liquid fuels and natural gas. Existing single fuel units can also be
converted to become dual fuel at an estimated cost of US$100 per kW of capacity.
The main challenges to converting existing units to natural gas will be securing rights-ofway for natural gas pipelines and building the pipelines to link the power generation
units to the natural gas landing point. These pipelines will be small diameter as each individual power plant will have a relatively low demand. The anticipated volume of natural gas demand for each power plant is estimated in Component 6 below.
As dual fuel units, the power plants can rely on liquid fuels as a back-up in the event of
disruptions to the natural gas supply. Each existing gas power plant already has a storage
tank for liquid fuels, removing the need to build additional fuel storage and relieve a potential constraint, given the limited availability of additional space at some locations.
Avoiding the need to store natural gas at each power plant site reduces the cost of conversion by reducing the amount of new equipment required and reducing the complexity
of the related safety systems (For example, LNG storage tanks in populated areas require full double containment walls as well as the standard surrounding dike to contain
the LNG in the event of a rupture, significantly increasing the cost).
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New capacity additions noted in the Expansion Plan did not have a specified location.
Where space is available, some of the new engines could be co-located with existing
units. This would reduce the cost to transport the natural gas by increasing the volume
of natural gas transported on each pipeline and by eliminating the need to build additional pipelines to new areas.
A new power plant could also be built at the point of landing for the natural gas. This
would allow a share of the natural gas to be consumed immediately at the landing point
without requiring additional pipelines. The original EEPGL proposal suggests building a
single 200 MW power plant (using 18 individual 11.2 MW reciprocating engines) at the
natural gas landing site. As it would be built using 11.2 MW engines, it could be built in
stages as new capacity is needed, or built all at once to replace current units (which could
be kept as back up or to meet demand growth in the future).
Such a plant would save the roughly $120 million in estimated cost for onshore natural
gas pipelines. The downside to a single power plant is the required investment in new
transmission capacity to handle the higher power flows from the station to the rest of
the grid. Detailed power flow analysis would be needed to accurately size the transmission lines and substation and to estimate the additional investment required. Rough estimates for power transmission lines range from $300,000 to $700,000 per kilometer,
plus $70,000 per MVA of transformer capacity (roughly $15-20 million for each transformer of the size needed here).
Putting the full power plant in a single location would also put Guyana’s electricity grid
at greater risk of an outage. A fault at the station itself (mitigated by the fact that it is
many smaller engines together, rather than one big turbine), or a downed transmission
line between the station and the rest of the system could disrupt electricity supply to the
entire grid. Having generation at multiple locations helps mitigate this problem by locating generation nearer to the load. In this way, not all electricity supply is then lost if a
transmission line goes down. If the singe 200 MW plant were built, it would be advisable to maintain GPL’s current power plants as back-up power in the event of an outage.
In addition, GPLs capacity margin requirements state that the margin must be at least as
large as the two largest units in the system. Adding a single large power plant would increase that capacity margin requirement, potentially requiring further investment in
smaller plants elsewhere to mitigate its impact on system reliability.
This analysis assumes that new power generation units will be built in a more distributed
manner to minimize the need for additional transmission investment.
Figure 7.2 below shows the proposed expansion of Guyana’s electricity grid. The
planned investments include interconnecting the Linden and Essequibo region isolated
systems, adding additional substation capacity in the DBIS, and expanding transmission
capacity along the core rights of way between the Sophia substation and Kingston to the
west and Good Hope / Columbia to the east.
Figure 7.2: Guyana Planned Electricity Grid Expansion
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!
Source: Guyana’s Power Generation System Expansion Study, 2016.

This expansion plan envisions a new power plant at the New Sophia substation, a central
point within the main grid and well balanced with other generation assets across the system. This location is also consistent with one of the natural gas landing points proposed
by EEPGL (Georgetown).
The other two proposed landing points, Clonbrook and New Amsterdam, are located
along the main transmission line linking the Demerara system with Berbice. Clonbrook
is located near the proposed Columbia / Mahaicony substation, which could be linked to
a new power plant at the site. Although not as central to the main demand centers in
Georgetown, the Clonbrook site is reasonably close and does have more space available.
This could simplify siting and logistics for a new power plant and the landing of the natural gas pipeline.
The New Amsterdam landing point is located on the Berbice River, near the current
Canefield substation. This location is within the smaller Berbice sub-grid, well away from
the main demand centers in Georgetown. The Berbice sub-grid has a current installed
capacity of roughly 50 MW, with the Skeldon-Guysuco unit accounting for 40 MW, or 80
percent of the total. Placing another large generation unit in this region would require
upgrades to the transmission lines linking the region to Georgetown (perhaps in addition
to the investment currently envisioned with the New Sophia and related substations). A
large power plant could be justified if new industrial demand were attracted to the area.
During our discussions with stakeholders, the Ministry of Public Infrastructure noted
that space is available for an industrial park in the region. Providing low cost energy in
the form of natural gas, and ample electricity supply through a new power plant in the
area, could stimulate substantial investment and economic development in the region.

8. Component 6: Framework for including natural gas
This Component extends the analysis in Component 5 to assess the natural gas volumes
required for specific individual power plants. To estimate the natural gas needed for electricity generation, the expected utilization of Guyana’s current and future electricity gen-
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eration capacity was modeled. The forecast for individual power plant utilization was
based on the Base, High, and Low demand growth cases, and the Optimal and Alternative 1 capacity expansion plans, from the 2016 expansion plan study.
Given the limited data on Guyana’s load shape and dispatch methodology, a simplified
generation model allocated the system load to be met across each generation unit equally,
up to the limit of each unit’s known availability. In the Optimal expansion plan, this firstorder approximation sets the maximum utilization rate for hydro units to 50%, wind
units to 33%, and solar units to 20%.
The resulting unit-level forecast for electricity generation under the Optimal expansion
plan and Base Case demand forecast is shown in Table 8.1 below.
Table 8.1: Guyana estimated electricity generation by plant: Optimal expansion
plan, Base Case demand forecast (GWh)

!
Source: Guyana’s Power Generation System Expansion Study, 2016.

Assuming that all engines are converted to use natural gas when it becomes available in
2022, this unit level generation forecasts results in the unit level natural gas consumption
show in Table 8.2 below.
Table 8.2: Guyana estimated natural gas consumption by plant: Optimal expansion plan, Base Case demand forecast (MMscfd)
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!
Source: Guyana’s Power Generation System Expansion Study, 2016.

Total natural gas demand grows from 11 MMcfd in 2022 to just under 22 MMcfd in
2035. Across the generation park, natural gas consumption at individual generation
plants ranges from 0.3 MMcfd to 3.4 MMcfd.
Switching to the High demand forecast results in slightly higher generation for each unit,
as shown in Table 8.3 below.
Table 8.3: Guyana estimated electricity generation by plant: Optimal expansion
plan, High demand forecast (GWh)

!
Source: Guyana’s Power Generation System Expansion Study, 2016.
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This higher generation rate also translates to higher natural gas demand for those units
that that are switched in 2022, as shown in Table 8.4 below.
Table 8.4: Guyana estimated natural gas consumption by plant: Optimal expansion plan, High demand forecast (MMcfd)

!
Source: Guyana’s Power Generation System Expansion Study, 2016.

Under the High demand case, total natural gas demand reaches just over 28 MMcfd, and
natural gas demand in the largest units reaches 4.5 MMcfd.
The Alternative 1 plan, with its sole reliance on reciprocating engines to meet growing
demand, provides an example of the upper range of natural gas demand. Table 8.5 below shows the estimated electricity generation by unit under the Base Case demand forecast.
Table 8.5: Guyana estimated electricity generation by plant: Alternative 1 expansion plan, Base Case demand forecast (GWh)
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!
Source: Guyana’s Power Generation System Expansion Study, 2016.

Table 8.6 below shows the resulting natural gas demand per unit starting in 2022.
Table 8.6: Guyana estimated natural gas consumption by plant: Alternative 1 expansion plan, Base Case demand forecast (MMscfd)

!
Source: Guyana’s Power Generation System Expansion Study, 2016.

The total natural gas demand is substantially higher in this plan, rising from 21.4 MMcfd
in 2022 to nearly 40 MMcfd by 2035. At the unit level, natural gas consumption is rela-
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tively stable, ranging between 0.4 MMcfd for the Canefield units to a maximum of 3.4
MMcfd for the Demerara 3 unit. Because the new additions are uniformly 22.8 MW in
size, each one has a relatively limited demand (averaging 2.4 MMcfd each).
This limitation in size can be addressed by co-locating future capacity additions at the
site of current units, or aggregating several proposed additions into a single site. If all
new capacity additions were co-located with the five main existing units (eventually
adding a total of 45 MW to each site), natural gas demand at each site would average
roughly 7-8 MMcfd in 2035.
Table 8.7 below shows the Alternative 1 plan generation outlook at the unit level under
the High demand case. The 20% increase in total generation is shared equally across all
generation units.
Table 8.7: Guyana estimated electricity generation by plant: Alternative 1 expansion plan, High demand forecast (GWh)

!
Source: Guyana’s Power Generation System Expansion Study, 2016.

The resulting natural gas demand starting in 2022 is shown in Table 8.8 below. Total natural gas demand increases to over 45 MMcfd by 2035, and individual unit consumption
reaches 2.8 MMcfd. As noted above, if all new engines were co-located with the five
largest current units, each site would see roughly 8-10 MMcfd of natural gas demand by
2035 in this case.
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Table 8.8: Guyana estimated natural gas consumption by plant: Alternative 1 expansion plan, High demand forecast (MMscfd)

!
Source: Guyana’s Power Generation System Expansion Study, 2016.

This analysis suggests that for Guyana to consume the full 26.3 MMcfd of natural gas
available for electricity generation, all current units that use liquid fuels should be converted to natural gas and all future capacity additions should be natural gas fired.
The analysis also suggests that the natural gas supply will be most cost effective if new
generation units are co-located with the existing units that are converted to natural gas.
Based on these observations, the analysis of specific locations, natural gas demand, and
cost in Section 12 assumes that Guyana follows the Alternative 1 expansion plan (all
dual-fuel reciprocating engines) and that new generation capacity is added at or near the
current generation plants.

9. Component 7: Natural Gas Pipeline Functional Requirements
The purpose of Component 7 is to scope out the functional requirements of the natural
gas pipeline. To complete this deliverable, Energy Narrative interviewed key stakeholders, conducted a literature survey of key conceptual requirements for natural gas pipeline
design, and defined key sources of information within Guyana.
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9.1. Summary of dialogue with key stakeholders
A visit to Guyana was made between Monday, 3rd April and Saturday, 8th of April. The
following key stakeholders were interviewed:
• The Honorable Raphael Trotman, Minister of Natural Resources.
•

Horace Williams, CEO of Hinterland Electrification Company, Inc.

•

The Honorable David Patterson, Minister of Public Infrastructure.

•

Dr. Mahender Sharma, CEO of Guyana Energy Agency.

It was universally agreed that the discovery of oil and gas offshore Guyana presents a
disruptive change in the opportunities available to Guyana energy policy. The availability
of natural gas, as a byproduct of oil production, in quantities in excess of the local energy market presents both opportunities and challenges. The opportunity to reduce electricity costs is significant and its impact on providing the foundations for economic development substantial. The challenges initially center around the prudent development
of a natural gas market which matches available excess supply, and the current commitments to renewable sources of energy, including major hydroelectric projects.
Guyana was the first country in the world to ratify the Paris Accord dealing with greenhouse gasses emissions mitigation, adaption and finance, committing Guyana to a green
economy. In 2009, the Government of Guyana signed a memorandum of understanding
with Norway whereby they would receive between $120 million and $250 million in carbon credits in return for reducing their carbon footprint and maintaining their forest
canopy. The stated aim is to move closer towards 100% renewable power supply by
2025, conditional on appropriate support and adequate resources. .
The current energy policy aims to transition from reliance on imported heavy oil to
power diesel generators to developing hydropower in the context of a regional electricity
market (the Arco Norte project). Specific hydroelectric development projects that have
been promoted include:
•
•

Arco-Norte: A massive hydroelectric project producing between 1,500 and 4,500
MW of power expected in 2027 or later.
Amaila: A smaller hydroelectric plant producing between 150 and 180 MW of
power expected in 2024 or later.

Various option for economic development were discussed, some of which had some
level of dependency on energy policy. Specific projects included:
•

•

•
•

A deep-water port to allow imports and exports of consumer and semi-finished
goods. This port would be located at New Amsterdam at the mouth of the
Berbice River.
A road to Northern Brazil with the objective of increasing trade with Brazil, dependent on a deep-water port in Georgetown. This project is included in the
master plan for the Arco Norte project.
An Aluminum plant with the objective to create the demand for hydroelectric
power while moving up the value chain in Bauxite mining.
An Industrial / Free-trade Park near New Amsterdam to use the natural gas in
refineries, chemical plants, and other manufacturing facilities.
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•

Various hydroelectric power projects providing a regional solution to electric
power and transmission. These projects are collectively included within the Arco
Norte project.

9.2. Conceptual design of natural gas pipeline
All stakeholders agree that natural gas should be landed in a quantity that will provide
cheap electrical power to Guyana. There was disagreement on whether natural gas
should be used for other uses. Further, the impact on current renewables commitments
was not well understood.

9.3. Guyana data sources for natural gas pipeline conceptual design
The major constraints to natural gas pipeline design include geological, geotechnical,
ecological and cultural risks. In order to evaluate these risks, geophysical data, geological
investigations, and geological studies are required.
• Geophysical Data. This includes detailed information of the physical characteristics of the pipeline path. Data gathering options include:
o 3D Seismic identifying faults, landslides, mass transport deposits, fluid
expulsion systems, buried faults and folds, buried stratigraphy, and buried
free-phase gas or gas hydrates.
o High Resolution or Ultra High Resolution 2D Seismic reflection
identifying shallow seafloor features, buried structures (faults and folds),
buried stratigraphy, and buried free-phase gas or gas hydrates.
o Sub-Bottom Profiler identifying man-made objects, faults, fluid expulsion features, shallow buried faults and folds, and shallow buried stratigraphy.
o Multibeam Echo-sounder identifying faults, landslides, mass transport
deposits, fluid expulsion features, and channel systems at the seafloor.
o Side Scan Sonar identifying man-made objects, fluid expulsion features,
and channel systems at the seafloor.
•

Geological Investigations. Geotechnical cores and in-situ tests are used to obtain design-level information once a preliminary route has been determined to
provide an early indication of soil conditions that may be necessary for conceptual design.

•

Geological Studies. These studies are conducted on either a regional scale using
generalized data, on a project-specific scale using more localized high-resolution
data, or specifically along a proposed pipeline route with high-resolution geophysical data, geotechnical data, and geological cores.

The primary source of these data and their interpretation is Esso Exploration and Production Guyana, their partners, Hess Guyana Exploration and CNOOC Nexen Petroleum Guyana, and oilfield service and data companies such as Schlumberger, Halliburton and Core Labs.
Mechanical and integrity risks are designed out through engineering design, physical
properties such as metallurgy, material strength, and wall thickness, and operating procedures. A third party review of the design and engineering documents accompanied by a
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third-party certification and inspection program during construction from companies
such as the American Bureau of Shipping should satisfy this requirement.

10. Component 8: Potential sites for the natural gas landing
The purpose of Component 8 is to assess the relative benefits and constraints to different proposed natural gas landing sites. The proposed landing sites are evaluated based on
the recommendation to use a subsea pipeline to transport the natural gas to land, the
topographical constraints at each potential site, and the proposed uses for the natural
gas.
This assessment draws upon GPL’s expansion plan, alternative proposals for the use of
the natural gas, and a literature search of technical and safety requirements for various
transportation and storage technologies.
There are three locations currently under discussion for the landing site of the proposed
pipeline:
• Georgetown. This location is being considered because of the location of the
Sophia substation (and the proposed New Sophia substation as noted in the
2016 GPL Expansion Study).
• Clonbrook. This location is near Georgetown, located to the east of the main
city along the Atlantic coast. It is being considered as an alternative to Georgetown as it is less busy and potentially has more space for development. The location is estimated to be near the Columbia substation.
• New Amsterdam. This location is being considered owing to its location along
the Berbice River and the potential to develop a new industrial site and deep water port to support new energy-intensive industries. Its location is estimated to
be near the Canefield substation.
Table 10.1 below reviews and ranks each option across a variety of criteria related to the
undersea pipeline route, the immediate surrounds of the landing site, and its relation to
the GPL electricity system. The selection criteria were grouped around three broad areas:
• Undersea pipeline route including the pipeline distance and route to each landing site option.
• Pipeline landing site including the availability of space for related development, population density, and related infrastructure
• Power sector considerations including the distance to existing substations,
generation sites, and demand centers.
Table 10.1: Natural gas pipeline landing site benefits and challenges comparison
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!
Source: Energy Narrative estimates

An unweighted simple average of the rankings suggests that Clonbrook is the best
choice for the landing site, given the greater flexibility of the space while still being within a short distance of the main electricity generation stations and demand centers. The
Georgetown option was downgraded for the dense population and limited space for new
electricity generation stations or industrial demand. The New Amsterdam site was
downgraded for its extreme distance from the current electricity generation assets and
demand centers, as well as the slightly higher cost for the undersea pipeline owing to the
longer distance.
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The conclusion that the Clonbrook site is the most suitable assumes that the natural gas
volumes will be 30 MMcfd. Should the volumes be the higher estimate (145 MMcfd), or
if even higher natural gas volumes become available, the New Amsterdam site, or the
potential for two separate pipelines, should be re-examined. As shown in Section 5
(Component 3) above, Guyana’s projected electricity demand is insufficient to absorb
145 MMcfd of natural gas. Therefore, new energy intensive industries (consuming either
natural-gas fired electricity or using the natural gas directly for process heat or as a feedstock) would be needed to develop sufficient demand. These industries would need additional development space. In addition, they could produce energy intensive products for
export, putting greater value on the deep water port in New Amsterdam.

11. Component 9: Analyze power plant performance in light of natural gas pipeline routing
The purpose of Component 9 is to build upon the analysis in Component 8 to analyze
the impact of the assessed pipeline landing sites on power sector logistics, infrastructure,
and T&D network expansion and operations. The analysis is based on the GPL expansion plan and Energy Narrative analysis.
Figure 11.1 below presents a line diagram of the DBIS interconnected power grid highlighting the major substations as reported in the 2016 Generation Expansion Study. The
reported distance between each substation is noted in the diagram, along with the location of the main generation assets.
As can be seen in the diagram, GPL’s electricity generation stations are distributed across
the system, with the majority located near the main demand loads in Georgetown (comprising the Kingston, Sophia, New Sophia, and New Georgetown substations). Additional generation units are located to the west (Vreed-en-Hoop), south (Garden of
Eden), and east (Canefield and Skeldon) of the main demand center. This distribution
of generation assets helps to balance power flows across the system, limiting the need
for additional transmission capacity as electricity demand increases. As a single-line system (that is, one that does not have multiple transmission paths between each demand
and supply point), this distribution of generation assets is also important to minimize
the system’s dependence on supply from any one region and to reduce the impact of a
transmission outage.
Figure 11.1: DBIS system diagram
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!
Source: Energy Narrative based on data from 2016 Generation Expansion Study

The reported distances between each substation were used as proxies for the estimated
pipeline length to deliver natural gas to the currently existing power generation units.
Figure 11.2 below shows a simplified version of the above schematic, highlighting only
those substations that are located near generation assets. The proposed New Sophia substation is included and highlighted.
Figure 11.2: DBIS generation assets
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!
Source: Energy Narrative based on data from 2016 Generation Expansion Study

As shown in the figure, the generation assets at Vreed-en-Hoop and Kingston are less
than 8 km from the Sophia substation at the heart of the transmission system. Units at
Garden of Eden are roughly 40 km to the south, with the currently isolated Linden system a further 70 km south. The DBIS transmission system stretches 115 km along the
coast to the west of Georgetown, passing through three substations before reaching
Canefield near New Amsterdam at the Berbice River where two small generation units
are located. The GuySuCo generation assets are another 77 km to the west at the far end
of the transmission system.
Given the distributed nature of the current generation system, and the single-line characteristics of the transmission grid, it is advisable for future generation capacity additions
to also be distributed along the grid. The most cost effective option is to add new capacity at the same location as current units, if there is space available.
These two criteria suggest that any new power plants built to use the available natural gas
should not be too large relative to the power grid (in order to avoid the need for higher
reserve margins, and also to reduce the need for additional transmission strengthening).
Because the initial estimate for natural gas demand assumed all existing thermal power
plants would be converted, it is also desirable to locate new gas fired capacity at those
locations that are converted to natural gas to minimize the cost of building pipelines to
distribute the natural gas.
These considerations guided the assessment of new generation capacity additions and
conversions noted in Section 10 below.

12. Component 10: Natural Gas Pipeline and Power Costs
The purpose of Component 10 is to scope out the cost of the natural gas pipeline, power stations, and power generation. To complete this deliverable, Energy Narrative reviewed published industry data on offshore natural gas pipelines and calculated the reduction in electricity generation costs and their impact on electricity tariffs if savings are
fully passed through.
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This analysis was carried out for each of the natural gas landing site options covering a
range of input cost for the natural gas. The analysis is based on available data, analysis,
and reports provided by the Government of Guyana, and from discussing the underlying assumptions with key personnel within the Government of Guyana.

12.1. Natural gas pricing methodologies
The price to be charged for the natural gas at the point of production (the wellhead) is
either set by market conditions (in countries with a competitive natural gas market), by
regulation, or by contract with the producer. As Guyana does not yet have a natural gas
market, and there are no other suppliers to date, the price will most likely be the result
of negotiation between the Government of Guyana and EEPGL.
Three price setting methodologies can provide some guidance on the potential range for
the negotiated price: Cost-Plus, Opportunity Cost, and Substitution Cost. Each is described below.
12.1.1. Cost Plus
As the name suggests, the cost-plus price setting methodology uses the calculated cost to
produce the natural gas, including a reasonable return on investment, to determine the
price of the delivered natural gas. The determination of what costs to include and the
level of return on investment are the main negotiating points between the seller and the
buyer. In theory, the Cost-Plus approach sets a floor for the potential price, as no seller
would accept a price that is lower than their cost of production. In practice, however,
the approach can be complicated for associated gas production, as production costs
must be allocated to both the natural gas and oil that are produced—a process that is not
always straightforward. In addition, if the natural gas must be disposed of in order to
enable production of the more valuable oil, the associated gas may be priced well below
cost—or even set at a negative price—in order to ensure the oil is produced.
This approach requires detailed data on the capital and operating costs associated with
EEPGL’s natural gas production which are not currently available. Therefore it is not
used in this analysis.
12.1.2. Opportunity Cost
An opportunity-cost pricing system explicitly links the price for the delivered natural gas
to the price that could have been received if the natural gas was sold into a different
market. Because Guyana does not currently have a natural gas market, the opportunity
cost would be calculated as the netback price that would have been received if the gas
was exported (in the form of LNG) to another natural gas market. Table 12.1 below
shows the calculation for the netbacked natural gas price in Guyana based on the IMF’s
current outlook for natural gas prices in Europe and Japan (the most likely markets for
LNG exports), current rates for LNG shipping, and estimated liquefaction and regasification costs.
Table 12.1: Europe and Japan natural gas netback price estimates (US$ per MMBtu)
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Source: Energy Narrative calculations

This analysis suggests that the price of natural gas in Guyana (including the upstream
production cost and the cost to transport it to the shore) should be priced between
US$1.50 and US$2.50 per MMBtu to be at parity with the price that producers could
receive by exporting it to Europe or Japan. This price is extremely low, driven down by
the excess of LNG supply in global markets and the low price of natural gas in the
United States. Indeed, as shown in section 12.2 below, the cost to transport the natural
gas to shore is estimated to be between US$0.76 per MMBtu (145 MMcfd to Clonbrook)
and US$3.49 per MMBtu (30 MMcfd to New Amsterdam). For the smaller pipeline, the
calculated netback price is less than the cost to transport natural gas to shore in Guyana,
resulting in a negative price for the natural gas at the wellhead (-$0.99 for Japan, -$1.96
for Europe).
While the analysis gives a range of potential prices, the current volumes of natural gas
proposed are insufficient to justify investment in a liquefaction facility for LNG exports.
Therefore, this is a purely theoretical value unless additional natural gas supply becomes
available.
12.1.3. Substitution Cost
The substitution cost approach links the natural gas price to the fuel that it is replacing,
generally at a discount that can be fixed or adjustable, depending on the formula being
used. For Guyana, the natural gas will substitute fuel oil for power generation. Therefore,
the natural gas price would be discounted from the fuel oil parity on an equivalent price
per unit of energy basis. The relative discount from fuel oil parity can be set at any value
negotiated between the seller and buyer. In this way, fuel oil parity sets a price cap—no
buyer would agree to pay a price higher than the price of the fuel they are currently using.
Figure 12.1 shows the forecast fuel oil price in Guyana based on the price formula used
in the 2016 Expansion Plan study linking Guyana fuel prices with WTI and the latest
WTI outlook from the US EIA (the Reference Case from the 2017 Annual Energy Outlook).
Figure 12.1: Liquid fuels price outlook (2016US$ per barrel)
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!
Source: Energy Narrative calculations based on EIA AEO 2017 WTI Reference Case price and formula
for Guyana fuel oil prices from 2016 Expansion study.

Figure 12.2 below shows the Guyana price for HFO in US$ per MMBtu in order to
more easily compare it with the cost of natural gas.
Figure 12.2: HFO price outlook (2016US$ per MMBtu)

!
Source: Energy Narrative calculations based on EIA AEO 2017 WTI Reference Case price and formula
for Guyana fuel oil prices from 2016 Expansion study.

For natural gas deliveries starting in 2022, the substitution cost approach suggests that
any the delivered cost of natural gas should be less than US$10 per MMBtu, rising to
more than US$14 per MMBtu by 2035. The 2016 expansion study provides a single
HFO price for Guyana and does not report the cost to deliver HFO to each individual
power plant. For this analysis, we compare the cost of natural gas as delivered to the individual power plants with this country-wide average HFO price, which likely underestimates the actual discount to delivered HFO.
12.1.4. Natural gas supply cost used in this analysis
The above options to calculate the price for natural gas supply at the wellhead provide
guidance on the possible range of natural gas prices in Guyana. The opportunity cost
analysis suggests that the wellhead cost could be as little as –US$1.96 (opportunity cost
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floor) or as high as US$9.00 (substitution ceiling with a 10% discount). The actual price
will be determined through negotiations between the Government of Guyana and
EEPGL.
For this cost analysis, a wellhead cost of zero (US$0.00) was assumed. This allows the
analysis to highlight the variations in transportation cost among the various configurations. As negotiations on the actual wellhead price advance, the revised price can be
added to the transportation costs used in this report to calculate the resulting total delivered price of natural gas.

12.2. Offshore pipeline cost
There are three hypothetical locations where the pipeline may be routed: 1) Georgetown,
2) Clonbrook, and 3) New Amsterdam. The cost to install and 8-in pipeline (30 MMcfd)
and a 12-in pipeline (145 MMcfd) was estimated for each proposed route. The estimation of the offshore pipeline cost for the 8-in is out of the bounds of normal practice in
deep water as the pipeline diameter is much smaller than usually installed offshore. Table
12.2 below shows examples of recent offshore pipelines for comparison.
Table 12.2: Example offshore natural gas pipeline projects

!
Source: Energy Narrative based on data from Oil & Gas Journal; Nord Stream; MIT study on Natural Gas
Monetization Pathways for Cyprus

This selection of recent projects suggests that the average cost per kilometer for an undersea pipeline is roughly US$4 million. As each of these pipelines is significantly larger
than the pipeline proposed for Guyana, a more relevant measure could be the cost per
kilometer of length and inch of pipeline diameter (a composite measure noted as kminches). The average cost reported for the above projects per kilometer-inch is roughly
US$154,500. It is important to note that all projects listed above (with the exception of
the Keathley Canyon Connector project) are located in Europe, which may affect the
average cost per project relative to other regions of the world.
By comparison, the INGAA Foundation (the public information and advocacy arm of
the Interstate Natural Gas Association of America, an industry association for long distance natural gas pipeline developers and operators) estimated that the average cost for
offshore pipelines built in the United States in 2015 was US$96,875 per kilometer-inch.
This study did not distinguish between deep water pipelines or shallow water pipelines,
and so likely underestimates the cost for deep water pipelines that require thicker walls
and more expensive installation. The specific case of the Keathley Canyon Connector
pipeline that was completed in 2015 was reported to require roughly US$1 million per
mile for pipeline materials alone. The reported day rate for the J-lay and S-lay installation
rigs ranged between US$750,000 and US$1.5 million per day. These rigs were able to lay
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pipe at roughly 2 km per day, suggested a total installation cost of US$1 million to
US$1.375 million per km. This is comparable to the reported total cost for the project
of $600 million, or US$1.74 million per km.
An approximation to the installed cost of an offshore pipeline has been made below by
considering the installed cost for the materials required to build a 12-in pipeline and substituting a lower material cost for the 8-in pipeline by scaling by the relative cross-sectional areas.
The cost of the offshore pipeline was estimated by using industry practices in estimating,
the methodology was as follows: 1) the cross sectional area of the pipeline was calculated, 2) the weight of the pipeline in kg/m was calculated, 3) the cost of the pipeline in $/
m was calculated in 2013 prices, 4) the 2013 prices were adjusted to process today using
a market index for steel, 5) the coating cost of 15% of the uncoated pipe was calculated,
6) the installed cost was calculated as 2.5 times the total pipe cost per m, and 7) the final
cost for the pipeline segment was calculated. Table 12.3 below shows the total estimated
installed cost for each pipeline route and size combination based on this methodology.
Table 12.3: Estimated pipeline cost for offshore natural gas pipeline options
Landing

Length (km)

Installed Cost (8-in)

Installed Cost (12-in)

Georgetown

185

$170MM

$235MM

Clonbrook

180

$165MM

$230MM

New Amsterdam

205

$190MM

$260MM

Source: Energy Narrative estimates

It is estimated that one compressor station at the landing site for the offshore natural gas
pipeline will be required. Onshore, gas compression facilities will need to be built to ensure pipeline pressure is maintained. The offshore pipeline acts as a conduit and a reservoir for the gas. In times when there is less than planned throughput into the pipeline
due to well maintenance, well availability or facility downtime, the offshore pipeline pressure will fall, requiring a boost from the onshore compressor station. Onshore compressor stations are priced at US$ 25 million each for site works, buildings and equipment
not directly related to gas compression equipment. Compressors and associated equipment (drivers, coolers, and ancillaries) are priced at US$ 1,500 per demand horsepower.
While hydraulic studies by ExxonMobil are in process, it is estimated that the compressor station cost will be $27.5MM for the 8-in pipeline and $37.5MM for the 12-in pipeline.
In addition to compression, the natural gas liquids present in the wet gas that is transported in the pipeline can be separated and sold as LPG. The INGAA Foundation estimated the average cost of a natural gas separation plant in the United States to be
US$525,000 per MMcfd of natural gas processed (not included the required compression, which is captured in the analysis above). This results in an estimated cost of
US$15.75 million for a separator plant for 30 MMcfd and US$76.125 for a 145 MMcfd
capacity separator. Table 12.4 below shows the total estimated cost for the compression
and liquids separation plant.
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Table 12.4: Estimated cost for natural gas compressors
Item

8-in Pipeline

12-in Pipeline

Compressor Station

$25.0MM

$25.0MM

Compression

$2.5MM

$12.5MM

Total Compressor Station Cost

$27.5MM

$37.5MM

Gas Separation Plant

$16MM

$76MM

Total Cost

$43.5MM

$114MM

Source: Energy Narrative estimates

Table 12.5 below shows the total estimated cost for the pipeline after adding in the cost
of compression and liquids separation to the estimated cost for each variation in pipeline
size and length.
Table 12.5: Estimated all-in cost for offshore natural gas pipeline options
Landing

Length (km)

Installed Cost (8-in)

Installed Cost (12-in)

Georgetown

185

$213.5MM

$349MM

Clonbrook

180

$208.5MM

$344MM

New Amsterdam

205

$233.5MM

$374MM

Source: Energy Narrative estimates

Table 12.6 below compares the estimated cost for the offshore pipeline based on the
multiple calculation and comparison methodologies described above. The low range is
based on the 30 MMcfd pipeline using the lowest cost combination of variables for each
methodology, while the high range is based on the 145 MMcfd pipeline using the highest
cost combination of variables.
Table 12.6: Offshore cost estimates, including liquids separation

!
Source: Energy Narrative based on analysis and data sources detailed above.
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It is important to note that the cost estimates developed in the analysis above do not
provide for contingencies or country-specific costs that may affect the overall cost of
the pipeline. These additional costs can significantly increase the cost of the pipeline development and are highly specific to each individual project.

12.3. Onshore pipeline cost
Once the natural gas reaches the shore it must be delivered to the power plants where it
will be consumed. The onshore pipelines linking the landing site with power generation
sites are assumed to carry up to 10-20 MMcfd each and are sized as 4-in pipelines. A
similar methodology to the offshore pipeline cost analysis was used with a multiple of
five used to calculates the installation cost. The onshore cost of a 4-in diameter, 1-in
thick pipeline is estimated to be $410 per meter.
Based on the above cost analysis, we estimated the transportation tariff for each potential route based on 30 MMcfd average volumes for the 8-in pipeline, and 145 MMcfd
average volumes for the 12-in pipeline. The estimated tariff assumed the project was financed with 20% equity (at a real cost of capital of 12%) and 80% debt (at a real interest
rate of 8%). Annual O&M costs were estimated to be 2% of the project’s capital cost.
The project was assumed to have a 20 year depreciation life and taxes were not included
in the cost assessment.
It was assumed that there was no need for natural gas storage at the landing site or the
individual power plants. The new and converted power plants are expected to be dual
fuel, and existing power plants already have liquid fuel storage tanks. This will allow
them to use liquid fuels in the event of a disruption in natural gas supply.
This analysis resulted in the levelized tariffs for the various pipeline route options shown
in Table 12.7 below. Note that the analysis below assumes that the cost of the natural gas
separation plant is borne by the LPG stream that is generated by the plant, and so is not
included in the estimated costs for natural gas transportation.
Table 12.7: Levelized natural gas transportation tariffs, offshore pipeline options

!
Source: Energy Narrative calculations

The onshore transportation cost analysis used in the calculations for each landing site
option below assumed that a 30 MMcfd pipeline would be built and compression would
be needed to ensure pipeline pressure and flow was maintained. This, along with the
above assumption of zero cost at the wellhead, resulted in a landed price of US$3.17 per
MMBtu in Georgetown, US$3.09 per MMBtu in Clonbrook, and US$3.49 per MMBtu in
New Amsterdam.
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12.4. Option 1: Georgetown (New Sophia substation)
This option assumes that the offshore pipeline is landed at or near at the New Sophia
substation. This location is near Georgetown, but is assumed to have sufficient space for
compression station and generation facilities at the substation. Figure 12.3 below highlights where the pipeline would land relative to the main generation facilities and substations in the GPL system.
Figure 12.3: New Sophia landing site distance from other GPL generation units

!
Source: Energy Narrative calculations

Based on the above distances, the cost to develop onshore natural gas pipelines to reach
the main generation centers was calculated (see Figure 12.4 below). The total cost was
based on the pipeline length and the estimated cost of US$410 per meter noted in section 12.2 above.
Figure 12.4: New Sophia landing site pipeline development costs

!
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Source: Energy Narrative calculations

Building natural gas pipelines to all current generation locations (not including Lindon),
would require US$127 million.
Translating these investment costs into a price per unit of natural gas delivered requires
an assessment of the volume of natural gas that will be transported by each pipeline. To
do this, we first assigned a location to each new power generation plant listed in the 2016
Expansion Plan “Alternative 1”. The expansion study does not give the location for each
new unit. For the Georgetown Option, we assumed that the two units to be built in 2021
and 2022 are co-located at the natural gas landing site, and are built in a single year
(2021) in order to provide an anchor demand for the pipeline. Other new units that are
included in the expansion study were allocated to existing generation locations to maintain the current balance of generation across the transmission grid. This allocation minimizes the need to upgrade transmission capacity and reduces the risk of disruption
from a transmission outage, assuming that electricity demand growth is similar across all
regions of the system.
Table 12.8 shows the proposed generation capacity additions and their location, based
on the Alternative 1 expansion case.
Table 12.8: DBIS generation capacity and new additions, Alternative 1 Case (MW)

!
Source: Energy Narrative calculations

The capacity utilization was assumed to be constant across all units, given the lack of a
competitive power system and the need for all units to operate to balance the demand
across the grid. Table 12.9 below shows the expected generation per unit under the expansion plan’s Base Case demand outlook from the 2016 Expansion plan.
Table 12.9: DBIS generation by unit, Alternative 1 and Base Demand Cases
(GWh)
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!
Source: Energy Narrative calculations

Based on this generation outlook, we assumed that natural gas pipelines would be built
between the offshore natural gas landing site at New Sophia and the generation units at
Vreed-en-Hoop, Kingston, Garden of Eden, and Canefield. A pipeline was not built to
Lindon or Skeldon under this Option given the long distance and limited natural gas
demand expected at each location. Removing the pipeline to Skeldon reduces the total
investment in onshore natural gas pipelines from US$127 million to US$95.4 million.
The total amount of electricity generation capacity that is able to use natural gas at each
location is shown in Table 12.10 below.
Table 12.10: Total DBIS natural gas fired generation capacity by location, Alternative 1 Case (MW)

!
Source: Energy Narrative calculations

The installed capacity represents the maximum electricity that could be generated at each
location. For the units to be fueled by natural gas, the supplying pipeline needs to be
sized to be able to provide for this maximum demand, even though the average
throughput on the pipeline will be less. Table 12.11 below shows the maximum potential
natural gas demand at each location, based on each region’s installed capacity and the
average efficiency of the installed units.
Table 12.11: Maximum potential natural gas demand for electricity generation by
location, Alternative 1 Case (MMcfd)
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!
Source: Energy Narrative calculations

The electricity that will actually be generated by the natural gas fired units to meet the
system’s electricity demand is shown in Table 12.12 below.
Table 12.12: Total DBIS electricity generated by location, Alternative 1 and Base
Demand Case (GWh)

!
Source: Energy Narrative calculations

Based on the efficiency of each power plant, this translated into the total actual natural
gas demand at each location shown in Table 12.13 below.
Table 12.13: Estimated natural gas demand for electricity generation by location,
Alternative 1 and Base Demand Cases (MMcfd)

!
Source: Energy Narrative calculations

The levelized transportation tariff to deliver natural gas to each location was calculated
based on the distance, the estimated cost per meter to install the natural gas pipeline, and
the average demand at each location over the life of the pipeline. The same financial and
accounting assumptions were made for the onshore pipelines as were made for the undersea pipeline (see Section 12.2 above). These calculations resulted in the following
costs per pipeline segment shown in Table 12.14 below.
Table 12.14: Estimated natural gas transportation cost by segment
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!
Source: Energy Narrative calculations

The resulting transportation tariffs per segment are shown in Figure 12.5 below.
Figure 12.5: Estimated natural gas transportation tariffs by segment, Alternative 1
and Base Demand Cases (US$ per MMBtu)

!
Source: Energy Narrative calculations

The total cost to deliver natural gas to each location is shown in Table 12.15 below. As
noted in section 12.1.4 above, this cost assumes the wellhead price for the natural gas is
zero, so there is no additional cost for the natural gas molecule itself.
Table 12.15: Estimated natural gas transportation cost by segment

!
Source: Energy Narrative calculations

The average cost to transport natural gas to the generator is similar across the major
generator sites near Georgetown, including New Sophia, Kingston, and Vreed-en-Hoop.
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Delivered natural gas is roughly US$1 per MMBtu more expensive in Garden of Eden
owing to the smaller volume and longer distance. The cost to deliver gas to Canefield is
far more expensive, estimated to be almost double the next most expensive area (Garden
of Eden). The extreme pipeline length relative to the volume of natural gas required
makes this pipeline of questionable value. Unless additional natural gas demand (such as
for industrial uses) were located at the Canefield region, this pipeline may be uneconomic.
Figure 12.6 below compares the impact on power prices from switching to natural gas.
The cost per MWh shown includes the levelized capital and fixed operations and maintenance (O&M) costs, as well as the price of fuel and other variable O&M expenses. In
addition to the Baseline case, an oil price sensitivity case is included to test the impact of
reducing the oil price forecast by 20%.
Figure 12.6: Average cost of power generation, HFO vs. Option 1 (Georgetown)
(US$ per MWh)

!
Source: Energy Narrative calculations

The much lower delivered cost of natural gas results in significant savings from the baseline HFO-fired projection. In this projection, natural gas prices are fixed (being based on
the levelized cost of the pipelines and a zero wellhead price), and so the gap between
natural gas and HFO fired electricity widens in future years. The size of the gap suggests there is ample room for negotiation to arrive at a wellhead price that is greater than
zero but would still provide substantial savings in electricity prices. Even after reducing
the forecast oil price by 20%, the cost of electricity from natural gas averages more than
US$40 per MWh cheaper.
It is important to note that this analysis does not include the cost of any transmission
and substation upgrades that may be required to accommodate the new power genera-

!58

tion facilities or growing electricity demand. A detailed power flow analysis is required to
determine the electricity grid’s changing requirements and the expected investment needed to meet those requirements.

12.5. Option 2: Clonbrook (Columbia substation)
This option assumes that the offshore pipeline is landed at Clonbrook which is estimated
to be near the Columbia substation. This location is roughly 35 km east of Georgetown,
and is selected because it has more readily available space for a compression station and
generation facilities at the substation. Figure 12.7 below highlights where the pipeline
would land relative to the main generation facilities and substations in the GPL system.
Figure 12.7: Columbia landing site distance from other GPL generation units

!
Source: Energy Narrative calculations

Based on the above distances, the cost to develop onshore natural gas pipelines to reach
the main generation centers was calculated (see Figure 12.8 below). The total cost was
based on the pipeline length and the estimated cost of US$410 per meter noted in section 12.2 above.
Figure 12.8: Columbia landing site pipeline development cost
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!
Source: Energy Narrative calculations

Building natural gas pipelines to all current generation locations (not including Lindon),
would require US$127 million.
Translating these investment costs into a price per unit of natural gas delivered requires
an assessment of the volume of natural gas that will be transported by each pipeline. To
do this, we first assigned a location to each new power generation plant listed in the 2016
Expansion Plan “Alternative 1”. The expansion study does not give the location for each
new unit. For this Option, we assumed that the two units to be built in 2021 and 2022
are co-located at the natural gas landing site, and are built in a single year (2021) in order
to provide an anchor demand for the pipeline. Other new units that are included in the
expansion study were allocated to existing generation locations to maintain the current
balance of generation across the transmission grid. This allocation minimizes the need
to upgrade transmission capacity and reduces the risk of disruption from a transmission
outage, assuming that electricity demand growth is similar across all regions of the system.
Table 12.16 shows the proposed generation capacity additions and their location, based
on the Alternative 1 expansion case.
Table 12.16: DBIS generation capacity and new additions, Alternative 1 Case
(MW)
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!
Source: Energy Narrative calculations

The capacity utilization was assumed to be constant across all units, given the lack of a
competitive power system and the need for all units to operate to balance the demand
across the grid. Table 12.17 below shows the expected generation per unit under the expansion plan’s Base Case demand outlook from the 2016 Expansion plan.
Table 12.17: DBIS generation by unit, Alternative 1 and Base Demand Cases
(GWh)

!
Source: Energy Narrative calculations

Based on this generation outlook, we assumed that natural gas pipelines would be built
between the offshore natural gas landing site at Columbia and the generation units at
Vreed-en-Hoop, Kingston, Garden of Eden, and Canefield. A pipeline was not built to
Lindon or Skeldon under this Option given the long distance and limited natural gas
demand expected at each location. Removing the pipeline to Skeldon reduces the total
investment in onshore natural gas pipelines from US$127 million to US$95.4 million.
The total amount of electricity generation capacity that is able to use natural gas at each
location is shown in Table 12.18 below.
Table 12.18: Total DBIS natural gas fired generation capacity by location, Alternative 1 Case (MW)
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!
Source: Energy Narrative calculations

The installed capacity represents the maximum electricity that could be generated at each
location. For the units to be fueled by natural gas, the supplying pipeline needs to be
sized to be able to provide for this maximum demand, even though the average
throughput on the pipeline will be less. Table 12.19 below shows the maximum potential
natural gas demand at each location, based on each region’s installed capacity and the
average efficiency of the installed units.
Table 12.19: Maximum potential natural gas demand for electricity generation by
location, Alternative 1 Case (MMcfd)

!
Source: Energy Narrative calculations

The electricity that will actually be generated by the natural gas fired units to meet the
system’s electricity demand is shown in Table 12.20 below.
Table 12.20: Total DBIS electricity generated with natural gas by location, Alternative 1 and Base Demand Case (GWh)

!
Source: Energy Narrative calculations

Based on the efficiency of each power plant, this translated into the total natural gas
demand at each location shown in Table 12.21 below.
Table 12.21: Estimated natural gas demand for electricity generation by location,
Alternative 1 and Base Demand Cases (MMcfd)

!
Source: Energy Narrative calculations

The levelized transportation tariff to deliver natural gas to each location was calculated
based on the distance, the estimated cost per meter to install the natural gas pipeline, and
the average demand at each location over the life of the pipeline. The same financial and
accounting assumptions were made for the onshore pipelines as were made for the undersea pipeline (see Section 12.2 above). These calculations resulted in the following
costs per pipeline segment shown in Table 12.22 below.
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Table 12.22: Estimated natural gas transportation cost by segment

!
Source: Energy Narrative calculations

The resulting transportation tariffs per segment are shown in Figure 12.9 below.
Figure 12.9: Estimated natural gas transportation tariffs by segment, Alternative 1
and Base Demand Cases (US$ per MMBtu)

!
Source: Energy Narrative calculations

The total cost to deliver natural gas to each location is shown in Table 12.23 below. As
noted in section 12.1.4 above, this cost assumes the wellhead price for the natural gas is
zero, so there is no additional cost for the natural gas molecule itself.
Table 12.23: Estimated natural gas transportation cost by segment

!
Source: Energy Narrative calculations
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The average cost to transport natural gas to the generator is similar across the major
generator sites near Georgetown, including Kingston and Vreed-en-Hoop. Delivered
natural gas at Columbia is roughly US$0.50 per MMBtu cheaper while natural gas delivered to Garden of Eden is roughly US$0.60 more expensive than Georgetown owing to
the smaller volume and longer distance. The cost to deliver gas to Canefield is also more
expensive, estimated to be almost US$2.50 more than the next most expensive area
(Garden of Eden). The extreme pipeline length relative to the volume of natural gas required (despite Columbia being closer than New Sophia in Option 1) makes this pipeline
the most expensive in the system.
Figure 12.10 below compares the impact on power prices from switching to natural gas.
The cost per MWh shown includes the levelized capital and fixed operations and maintenance (O&M) costs, as well as the price of fuel and other variable O&M expenses. In
addition to the Baseline case, an oil price sensitivity case is included to test the impact of
reducing the oil price forecast by 20%.
Figure 12.10: Average cost of power generation, HFO vs. Option 2 (Clonbrook)
(US$ per MWh)

!
Source: Energy Narrative calculations

The much lower delivered cost of natural gas results in significant savings from the baseline HFO-fired projection. In this projection, natural gas prices are fixed (being based on
the levelized cost of the pipelines and a zero wellhead price), and so the gap between
natural gas and HFO fired electricity widens in future years. The size of the gap suggests there is ample room for negotiation to arrive at a wellhead price that is greater than
zero but would still provide substantial savings in electricity prices. Even after reducing
the forecast oil price by 20%, the cost of electricity from natural gas averages roughly
US$40 per MWh cheaper.
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It is important to note that this analysis does not include the cost of any transmission
and substation upgrades that may be required to accommodate the new power generation facilities or growing electricity demand. A detailed power flow analysis is required to
determine the electricity grid’s changing requirements and the expected investment needed to meet those requirements.

12.6. Option 3: New Amsterdam (Canefield substation)
This option assumes that the offshore pipeline is landed at New Amsterdam, near the
Canefield substation. This location is near Guyana’s only deep water port and has ample
space for a compression station and generation facilities at the substation, as well as additional industrial development if required. Figure 12.11 below highlights where the
pipeline would land relative to the main generation facilities and substations in the GPL
system.
Figure 12.11: Canefield landing site distance from other GPL generation units

!
Source: Energy Narrative calculations

Based on the above distances, the cost to develop onshore natural gas pipelines to reach
the main generation centers was calculated (see Figure 12.12 below). The total cost was
based on the pipeline length and the estimated cost of US$410 per meter noted in section 12.2 above.
Figure 12.12: Canefield landing site pipeline development costs
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!
Source: Energy Narrative calculations

Building natural gas pipelines to all current generation locations (not including Lindon),
would require US$127 million.
Translating these investment costs into a price per unit of natural gas delivered requires
an assessment of the volume of natural gas that will be transported by each pipeline. To
do this, we first assigned a location to each new power generation plant listed in the 2016
Expansion Plan “Alternative 1”. The Expansion study does not give the location for
each new unit. For this Option, we assumed that the two units to be built in 2021 and
2022 are co-located at the natural gas landing site, and are built in a single year (2021) in
order to provide an anchor demand for the pipeline. Other new units that are included in
the expansion study were allocated to existing generation locations to maintain the current balance of generation across the transmission grid. This allocation minimizes the
need to upgrade transmission capacity and reduces the risk of disruption from a transmission outage, assuming that electricity demand growth is similar across all regions of
the system.
Table 12.24 shows the proposed generation capacity additions and their location, based
on the Alternative 1 expansion case. The location of new generation units is shifted
more toward Canefield and Skeldon in this Option. This is based on the assumption that
new industrial demand will be located near the port once natural gas is available and so
demand growth is more skewed toward this region than in the other two Options.
Table 12.24: DBIS generation capacity and new additions, Alternative 1 Case
(MW)
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!
Source: Energy Narrative calculations

The capacity utilization was assumed to be constant across all units, given the lack of a
competitive power system and the need for all units to operate to balance the demand
across the grid. Table 12.25 below shows the expected generation per unit under the expansion plan’s Base Case demand outlook from the 2016 Expansion plan.
Table 12.25: DBIS generation by unit, Alternative 1 and Base Demand Cases
(GWh)

!
Source: Energy Narrative calculations

Based on this generation outlook, we assumed that natural gas pipelines would be built
between the offshore natural gas landing site at Canefield and the generation units at
Vreed-en-Hoop, Kingston, Garden of Eden, and Skeldon. A pipeline was not built to
Lindon under this Option given the long distance and limited natural gas demand expected at the location.
The total amount of electricity generation capacity that is able to use natural gas at each
location is shown in Table 12.26 below.
Table 12.26: Total DBIS natural gas fired generation capacity by location, Alternative 1 Case (MW)
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!
Source: Energy Narrative calculations

The installed capacity represents the maximum electricity that could be generated at each
location. For the units to be fueled by natural gas, the supplying pipeline needs to be
sized to be able to provide for this maximum demand, even though the average
throughput on the pipeline will be less. Table 12.27 below shows the maximum potential
natural gas demand at each location, based on each region’s installed capacity and the
average efficiency of the installed units.
Table 12.27: Maximum potential natural gas demand for electricity generation by
location, Alternative 1 Case (MMcfd)

!
Source: Energy Narrative calculations

The electricity that will actually be generated by the natural gas fired units to meet the
system’s electricity demand is shown in Table 12.28 below.
Table 12.28: Total DBIS electricity generated with natural gas by location, Alternative 1 and Base Demand Case (GWh)

!
Source: Energy Narrative calculations

Based on the efficiency of each power plant, this translated into the total natural gas
demand at each location shown in Table 12.29 below.
Table 12.29: Estimated natural gas demand for electricity generation by location,
Alternative 1 and Base Demand Cases (MMcfd)

!
Source: Energy Narrative calculations

The levelized transportation tariff to deliver natural gas to each location was calculated
based on the distance, the estimated cost per meter to install the natural gas pipeline, and
the average demand at each location over the life of the pipeline. The same financial and
accounting assumptions were made for the onshore pipelines as were made for the undersea pipeline (see Section 12.2 above). These calculations resulted in the following
costs per pipeline segment shown in Table 12.30 below.
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Table 12.30: Estimated natural gas transportation cost by segment

!
Source: Energy Narrative calculations

The resulting transportation tariffs per segment are shown in Figure 12.13 below.
Figure 12.13: Estimated natural gas transportation tariffs by segment, Alternative
1 and Base Demand Cases (US$ per MMBtu)

!
Source: Energy Narrative calculations

The total cost to deliver natural gas to each location is shown in Table 12.31 below. As
noted in section 12.1.4 above, this cost assumes the wellhead price for the natural gas is
zero, so there is no additional cost for the natural gas molecule itself.
Table 12.31: Estimated natural gas transportation cost by segment

!
Source: Energy Narrative calculations
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The average cost to transport natural gas to the generator is similar across the major
generator sites near Georgetown, including Kingston and Vreed-en-Hoop, and only
roughly US$0.50 per MMBtu more expensive in Garden of Eden. The cost to deliver
gas to Skeldon is far more expensive, estimated to be US$2.80 per MMBtu more than
the next most expensive area (Garden of Eden). The extreme pipeline length relative to
the volume of natural gas required makes this pipeline of questionable value. Unless additional natural gas demand (such as for industrial uses) were located at the Skeldon region, this pipeline may be uneconomic.
Figure 12.14 below compares the impact on power prices from switching to natural gas.
The cost per MWh shown includes the levelized capital and fixed operations and maintenance (O&M) costs, as well as the price of fuel and other variable O&M expenses. In
addition to the Baseline case, an oil price sensitivity case is included to test the impact of
reducing the oil price forecast by 20%.
Figure 12.14: Average cost of power generation, HFO vs. Option 3 (New Amsterdam) (US$ per MWh)

!
Source: Energy Narrative calculations

The much lower delivered cost of natural gas results in significant savings from the baseline HFO-fired projection. In this projection, natural gas prices are fixed (being based on
the levelized cost of the pipelines and a zero wellhead price), and so the gap between
natural gas and HFO fired electricity widens in future years. The size of the gap suggests there is ample room for negotiation to arrive at a wellhead price that is greater than
zero but would still provide substantial savings in electricity prices. Even after reducing
the forecast oil price by 20%, the cost of electricity from natural gas averages close to
US$40 per MWh cheaper.
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It is important to note that this analysis does not include the cost of any transmission
and substation upgrades that may be required to accommodate the new power generation facilities or growing electricity demand. A detailed power flow analysis is required to
determine the electricity grid’s changing requirements and the expected investment needed to meet those requirements.

12.7. Conclusions and recommendations
The above analysis calculates the estimated cost to deliver natural gas to each proposed
generation site under the three landing site options and the resulting impact on electricity
generation prices. Table 12.32 below compares how the different landing options affect
the delivered natural gas price at the different generation points, highlighting the lowest
cost option for each location.
Table 12.32: Estimated natural gas transportation cost by landing site option
(US$ per MMBtu)

!
Source: Energy Narrative calculations

Not surprisingly, the Georgetown option provides the least cost natural gas for locations
in the western region of the grid, the Clonbrook option is the lowest cost for the more
central demand points, and the New Amsterdam option is the least cost option for natural gas in the eastern part of the grid.
The price difference across the system is more pronounced for the Georgetown option
than for the New Amsterdam option because of the greater volume of natural gas demand in the Georgetown region. Transporting a higher volume from east to west (New
Amsterdam option to Kingston) results in a lower average tariff than shipping a smaller
volume from west to east (Georgetown option to Canefield), even though the distance
and investment costs are the same.
Even so, the more central location of the Clonbrook landing site minimizes the price
extremes at either end of the grid, and results in the lowest overall price of delivered
natural gas.
The above analysis also suggests that any of the three landing options could significantly
reduce the cost of electricity generation in Guyana. As shown in Figure 12.15 below,
both Option 1 (Georgetown) and Option 2 (Clonbrook) average just below US$40 per
MWh, while Option 3 (New Amsterdam) averages just below US$45 per MWh.
Figure 12.15: Comparison of the average cost of power generation across the
three Options (US$ per MWh)
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!
Source: Energy Narrative calculations

The minimal difference in costs between Option 1 and Option 2 suggests that factors
other than cost that may affect the site selection should also be taken into consideration.
As shown in Section 10 (Component 8) above, the more qualitative considerations also
suggest that Clonbrook is the best choice for the landing site, given the greater flexibility
of the space while still being within a short distance of the main electricity generation
stations and demand centers. The Georgetown option was downgraded for the dense
population and limited space for new electricity generation stations or industrial demand.
The New Amsterdam site was downgraded for its extreme distance from the current
electricity generation assets and demand centers, as well as the slightly higher cost for the
undersea pipeline owing to the longer distance.
Therefore, Clonbrook is the recommended natural gas landing point. This location
has the best balance of natural gas prices across the grid, availability of space for the
natural gas infrastructure, and space for related power generation and, potentially, industrial development.
The recommendation to land the natural gas at Clonbrook assumes that the natural gas
volumes will be 30 MMcfd. Should the volumes be the higher estimate (145 MMcfd), or
if even higher natural gas volumes become available, the New Amsterdam site, or the
potential for two separate pipelines, should be re-examined. As shown in the detailed
analysis of each Option above, Guyana’s projected electricity demand is insufficient to
absorb 145 MMcfd of natural gas. Therefore, new energy intensive industries (consuming either natural-gas fired electricity or using the natural gas directly for process heat or
as a feedstock) would be needed to develop sufficient demand. These industries would
need additional development space. In addition, they could produce energy intensive
products for export, putting greater value on the deep water port in New Amsterdam.
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13. Component 11: Pipeline requirements and conditions
The purpose of Component 11 is to scope out the practical considerations for offshore
natural gas pipeline construction. To complete this component, Energy Narrative conducted a literature survey.

13.1. Requirements for natural gas pipeline construction
This pipeline is unusual in its small size, placing it outside of normal construction and
installation practice in deep-water. Preliminary engineering by ExxonMobil indicates that
the depth of the water combined with the internal pressure of the gas leads to a minimum wall thickness of 1-in.
Based on the water depths encountered, 1,800m / 5,900-ft water depth to shore, J-lay /
S-lay / barge may all be required for installation of the offshore pipeline. The deep water
installation methods, J-lay and S-lay, typically use larger diameter and wall thickness pipe.
The installation methods and equipment therefore may need to be modified to accommodate the smaller pipeline diameter, especially concerning bending and fatigue during
installation. Manufacturing considerations regarding the minimum wall thickness of 1-in
are less important.

13.2. Data requirements for gas transmission estimates
ExxonMobil currently plans either an 8-in pipeline delivering 30MMscfd, or a 12-in pipeline delivering 145MMscfd of natural gas to onshore Guyana. In order to assure the
suitability of the gas transmission estimates:
• the reserves behind the offshore Lisa field need to be certified by a third-party
reserve certification agency,
• the field development plan needs to be approved by the same third party certification agency, and
• the primary engineering of the pipeline itself needs to be approved.
The authors of this study have not received or reviewed these certifications, but have
been assured that the primary engineering analysis consisting of 1) hydraulic analysis and
flow assurance concerning gas components / pressure / liquid management, and 2) installation concerning burst / collapse / stability are suitable.

14. Component 12: Regulatory and institutional framework
The purpose of Component 12 is to review Guyana’s current legal and regulatory
framework related to natural gas and electricity generation, assess any gaps within the
current framework that may create uncertainty or potential risks to the project implementation and operations, and recommend any additional analysis that may be required
to address the identified gaps.
This preliminary summary assessment includes a review of Guyana’s regulations as they
apply to the construction and operation of natural gas transportation infrastructure, and
the use of natural gas in electricity generation.

!73

The analysis is based on available data, analysis, and reports provided by the Government of Guyana, and from discussing the current legal and regulatory framework with
key personnel within the Government of Guyana. The documents reviewed include:
• Guyana’s draft Energy Policy
•

Guyana’s Energy Transition Roadmap

•

Petroleum and Petroleum Products Regulations, 2014

•

Electricity Sector Reform Act, 1999 and Amendments, 2010

•

GPL License

14.1. Draft Energy Policy
The Draft National Energy Policy of Guyana – Report 2 – Green Paper (DNEP), completed on February 20, 2017, presents the suggested national policy objectives for
Guyana as well as the specific policies for energy supply, energy demand, and the attendant cross cutting issues. For the special case of electricity, the policies are intended to
move Guyana towards a goal of 100 percent renewable energy by the year 2025.
The document draws upon the Guyana Power Generation Expansion Study, 2016; the
Green Development Strategy (GDS), 2016; the Assessment of Fiscal and Regulatory
Barriers to Deployment of Energy Efficiency and Renewable Energy Technologies in
Guyana, 2014; the Low Carbon Development Strategy (LCDS), 2009 and revised in
2010 and 2013; and the National Development Strategy, 2001 to 2010.
Each of these studies were completed before the potential supply of offshore natural
gas was known, and so do not incorporate the use of natural gas in the suggested policy
guidelines. Even so, the potential for using natural gas in Guyana’s energy sector is explicitly mentioned in the draft policy document. Although the draft policy notes that
the goal is to transition toward 100% renewable energy in the electricity sector by 2025,
Section 3.1.1 notes that GPL’s capacity expansion will include thermal power plants fueled with Light fuel oil (LFO) and Heavy Fuel Oil (HFO) in the short term and thermal
reciprocating plants fired with natural gas in the long term. It also notes that GPL will
investigate the feasibility of establishing a liquefied natural gas re-gasification plant at a
suitable location for supply to power stations, industrial users, and residential users. Natural gas is intended to serve as the bridge fuel to a full 100 percent renewable energy
scenario should this prove to be necessary. While the discovery of natural gas resources
in Guyana will remove the necessity to import natural gas via LNG, the inclusion of
natural gas as a potential transition fuel opens room in the national energy policy to use
the domestic resource for electricity generation.
The DNEP also states that a new regulatory oversight body will be established “to balance multiple competing interests of public and private entities, and enable growth of
the sector while supporting the efficient, safe and orderly development of energy resources while minimizing the environmental footprint of the sector. This agency will be
established after it has been demonstrated that significant long term exploitable oil and
gas reserves have been verified. This will serve as the single credible body to monitor
and regulate all aspects of the sector;” (Section 3.2)
The DNEP also notes that in respect to upstream and midstream oil and gas, it is the
intent of Government to:
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1. Develop an overall intuitional and regulatory framework for the oil and gas sector that
includes the Ministry of Infrastructure, the Guyana Energy Agency, the Audit Office of
Guyana (AOG), Guyana Revenue Authority (GRA), and the Ministry of Finance;
2. Establish a new institution to regulate the oil and gas sector;
3. Create a new directorate for petroleum in the Ministry of Public Infrastructure to
provide policy guidance and licensing for the upstream, midstream and downstream aspects of the petroleum value chain;
4. Evaluate the requirements for a petroleum refinery based on the results of the current
off-shore oil and gas exploration;
5. Evaluate the requirements for off-shore gas transmission pipelines and on an on-shore
gas distribution network based on the results of the current off-shore oil and gas exploration;
6. Evaluate the requirements of oil and gas storage facilities based on the current offshore oil and gas exploration;
7. Establish the legal and regulatory framework for the upstream and midstream petroleum sectors. This may include Acts for: Petroleum exploration, development and
production; and petroleum refining, conversion, transmission and midstream storage;
8. Provide training and capacity building for officials in oil and gas related disciplines,
including petroleum geoscience, law, audit, taxation and management;
9. Introduce artisanal and technical skills training at certificate and diploma levels at the
University of Guyana and local technical institutes; and
10. Develop a Licensing Strategy and Plan. This will include model contracts for multiclient seismic survey; a procedure for international bidding and open licensing for producers; a promotional campaign; establishment of a data facility and procedures; and
procedures for sales of data packages.

14.2. Energy Transition Roadmap
An Energy Transition Roadmap, dated March 10, 2017, was developed by the same consultant that produced the DNEP noted above. As stated in the report, “this Roadmap
points the way towards the aspirational goal of 100 percent renewable energy in the
power sector. The existing Guyana generation expansion plan would not achieve this
goal as it considers only a single mid-scale hydro plant and the introduction of natural
gas as a transitional energy source (albeit natural gas being a cleaner energy source). [The
Roadmap] therefore reviews the peak load forecast for GPL, the indicative cost and benefits of renewable energy, and the policy commitments that guide this transition road
map. A series of actions are also identified to guide the orderly development of the transition and to identify the financial requirements that would be necessary.”
Like the DNEP, the Roadmap is based upon existing documents, and so does not integrate the potential for domestically sourced natural gas in power generation. There is
discussion of using revenue from upstream oil and gas development to fund various
projects, including the development of medium scale hydro power plants, but there is no
direct discussion of using natural gas for electricity generation before the dates proposed
in the original GPL expansion plan from June, 2016.
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14.3. Petroleum and Petroleum Products Regulations 2014
These regulations direct the GEA’s authority and actions to license and oversee the
transportation, storage, wholesale and retail sale, import, and export of petroleum and
petroleum products. As written, the regulations clearly give the GEA the authority to
regulate and oversee natural gas activities and infrastructure. The regulations define “petroleum and petroleum products” as “petrol, diesel, bunker-C, and any other heavy oils,
liquefied natural gas, liquefied petroleum gas, aviation fuel, kerosene, and any other hydrocarbon-based fuel source or product of the petroleum refining process, whether in
liquid of gaseous form”. In addition, “gas” is defined as “liquid of non-liquid gas which
can be used as fuel for the operation of a spark ignition engine or flame or heat generating appliance”. Both definitions clearly cover natural gas.
In general, the Regulations are appropriate for natural gas as they provide broad guidelines for overseeing the technical, operational, health, safety, and environmental parameters for related infrastructure and installations. While the broad requirements are sufficient, the specific parameters referenced in the regulations would need to be developed
for natural gas installations and businesses.
One gap in the Regulations is the lack of any mention of pipelines. The regulations for
storage and bulk transportation both touch on aspects of the regulations that would be
required to oversee natural gas pipelines and distribution systems, but as currently written both are inadequate. The storage regulations assume a contained facility held entirely
within land that the operator either owns or has permission to use – this would not necessarily be true for pipelines built under public or private lands along rights-of-way
easements. The bulk carrier regulations touch on many requirements for transporting
natural gas safely, but “bulk transportation carrier” is clearly defined as “a vehicle capable of transporting 2000 liters or more of petroleum and petroleum products.” This
covers both land and water based transportation, but excludes pipelines.

14.4. Electricity Sector Reform Act of 1999 and the Electricity Sector Reform (Amendment) Act of 2010
The ESRA, as amended in 2010, created the Guyana Power and Light Company and established the conditions for its license, its duties to supply electricity, parameters for purchasing power from IPPs, the mechanism used to set retail electricity tariff rates, and
penalties for non-compliance. The ESRA does not describe specific technologies for the
generation of electricity, with the exception of promoting sustainable technologies
where appropriate.
The tariff setting mechanism does include provisions for adjustments related to fuel
prices and foreign exchange rates, allowing GPL to pass through reductions in the cost
of fuel to the consumer.
The ESRA does not directly address fuel supply for electricity generation, or proscribe
any manner in which the fuel should be purchased or stored. As such, there is no restriction within the law from GPL acquiring fuel directly from importers or domestic producers, or maintaining its own fuel supplies.
The ESRA does state that GPL is only allowed to break up streets and otherwise affect
public or private lands for works related to electricity lines. This would prohibit GPL
from breaking up roads for the purpose of installing natural gas pipelines without special
approval.
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14.5. GPL License
GPL was granted a license to supply electricity to the coastal regions of Guyana in 1999,
concurrent with the ESRA which created it. This License, as amended in 2010, limits
GPLs activities to:
• the generation of electricity (except hydropower);
• the transmission, distribution, storage, furnishing and sale of electricity;
• the purchase of electricity through PPAs with IPPs
• the installation, operation, and maintenance of meters, electric lines and other
electric apparatuses, installations, and facilities necessary to carry out its activities.
The provision of fuels for electricity generation is not listed among the authorized activities, although section 28 does provide authorization for GPL to “act and to perform
such other activities and services as may be necessary for the purposes of exercising its
rights, fulfilling its obligations and performing the activities and services authorized under this License.” This broad language could provide sufficient authorization for GPL to
build and operate natural gas pipelines and other delivery services if they were deemed
necessary. Amending GPL’s License or enacting separate legislation that explicitly grants
or prohibits GPL from owning and operating natural gas distribution facilities would
remove any ambiguity.
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